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ABSTRACT
The interest in enhanced oil recovery (EOR) methods has re-emerged in recent
years; however, significant challenges remain for the widespread deployment of these
methods. One major downside to the successful application of EOR technologies in
mature reservoirs is conformance problems (e.g. heterogeneity). To mitigate these
problems, a novel EOR method which couple preformed particle gel (PPGs) conformance
treatment with traditional surfactant flooding in one process is introduced.
This dissertation provides a comprehensive study for the proposed method. A
series of laboratory tests were carried out to understand the chemical interaction between
PPGs and surfactants. A new method to evaluate PPGs strength in the oilfield and
laboratory was introduced. Core flooding tests were run to investigate to what extent the
coupled method can improve oil recovery using fractured carbonate and sandstone cores.
Oilfield pilot tests were implemented in several injection wells located in Kansas.
The chemical interaction experiments showed that surfactants concentrations
influenced the swelling ratio and strength of PPGs. Fractured core flooding tests showed
a higher increase in oil recovery through surfactant forced imbibition process by PPGs
than a single method. The new PPG strength measurement apparatus provided a reliable
technique to quantitatively evaluate PPG properties in the field. Oilfield pilot tests were
implemented successfully in several candidate wells. The treatment s effectively
increased the injection pressure of injection wells and reduced water production of
adjacent production wells. Overall, this method provides a cost-effective approach for
improving oil recovery while also reducing excess water production in mature and
fractured reservoirs.
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1

INTRODUCTION

Oil and natural gas are the lifeblood of the U.S economy. Together they account
for more than sixty percent of the total energy consumed. EOR application is critical
today when many analysts are predicting that world peak production is either eminent or
already here and the demand for oil is growing more quickly than supply (Heinberg,
2005).
Most oil is produced in three different mechanisms: primary, secondary, and
tertiary (or enhanced) recovery. During primary recovery, the natural pressure of the
reservoir drives oil into the wellbore and artificial lift techniques (such as pumps) might
be used to bring the oil from the bottom of the wellbore to the surface. Only about ten
percent of a reservoir’s original oil is typically produced during primary recovery. Since
early 1950s, secondary recovery methods have been widely applied to extend the
productive life of oilfields and increase ultimate recovery. For the most part, those
techniques involve injecting water to displace oil to the wellbore. In some cases, natural
gas is re-injected to maintain reservoir pressure, thus driving oil into wellbore. However,
two-thirds of the U.S. oil (377 billion barrels) cannot be recovered using conventional
primary and secondary recovery technologies and still remains underground as the target
of EOR methods. The remaining oil is either: (1) residual oil remaining in regions swept
by waterflood, or other secondary recovery techniques or (2) movable oil in the reservoir
regions unswept or poorly swept by secondary recovery flooding techniques.
EOR methods mainly include chemical methods, gas flooding, microbial
processes, and thermal processes. In the U.S., EOR methods have the potential to
recover much of the 377 billion barrels of oil remaining in reservoirs after primary and
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secondary production techniques have been exhausted. This research presents a novel
method in which two chemical-based EOR methods, surfactant flooding and preformed
particle gel (PPGs) treatment are combined in one process to economically produce more
remaining oil from existing mature reservoirs than a single EOR method.
1.1 RESEARCH TECHNICAL MERIT
1.1.1

Significance of the Problem. One out of every six barrels of crude oil

produced in the U.S. comes from stripper wells. These wells produce oil and gas at the
low rates of less than 10 barrels per day of oil or 60,000 cubic feet of natural gas per day,
and represent typical operations for many of the small producers in the U.S. The U.S.
Energy Information Administration (EIA) reports that about eighty percent of the total
number of the U.S. oil wells is now classified as marginal wells.
Tapping into additional oil supplies within the nation's stripper wells for smaller
producers can be an important contributor to U.S. energy security. Excess water
production is a major issue that leads to early well abandonment and unrecoverable
hydrocarbon for mature wells. In the U.S. 88% of the material brought to the surface for
oil production is water (Clark and Veil, 2009). According to Weideman (1996), water can
comprise as much as 98% of the material brought to the surface for crude oil wells
nearing the end of their productive lives. For production wells in a mature waterflood, the
amount of water production can be 10 to 20 barrel for each barrel of crude oil produced
(Veil et al. 2004).
Reservoir conformance problems (i.e. heterogeneity) are the most important
reasons for low oil recovery and early excess water production. To maintain reservoir
pressure, reservoirs have usually been developed by water flooding from the early stages
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of their development. Many of them have been hydraulically-fractured, intentionally or
unintentionally, or have channels due to mineral dissolution and production during
waterflooding. Reservoirs with induced fractures or high-permeability channels are quite
common in the mature oilfields in the U.S.
Surfactant EOR flooding is mainly used to both change the wettability and lower
the interfacial tension (IFT) by various degrees, depending on the type of surfactant and
how it interacts with the specific oil and reservoir rock. Surfactant can alter reservoir rock
wettability from oil-wet to water-wet, mostly for carbonate and heavy oil reservoirs.
During field applications, a surfactant solution is first injected into a production
well, and then the well needs to be shut-off for a few days to allow surfactant entering
unswept zones by spontaneous imbibition because surfactant solution will preferentially
enter the fractures or high-permeable channels while little surfactant enters unswept areas
during its injection, and lastly the well is put back into production. This method can
significantly improve oil recovery in lab scale, but it is a slow recovery process because
spontaneous imbibition is limited by the rate of molecular diffusion (Stoll et al. 2008).
1.1.2 Proposed Technology. Mature oilfields have two major challenges that
lead to early well abandonment and limit the production of considerable amount of
recoverable hydrocarbon. These challenges are (1) excess water production because of
reservoir heterogeneity and (2) low oil production rates because of matrix wettability
nature and/or capillary forces which retain oil in the rock matrix and suppress displacing
fluid imbibition process.
Oil recovery is the product of microscopic displacement efficiency (ED) and
sweep efficiency (EV). EOR methods focus on increasing either ED by reducing residual
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oil saturation or EV by correcting reservoir heterogeneity. Gel treatment and surfactant are
two principle EOR methods. Each has limitations that can largely be avoided by
combining the two methods.
Gel treatments usually are intended to reduce the volume of water produced with
the oil but also can result in improved EV (Liang and Seright, 2000). When designed
successfully, these gel systems divert a portion of the injected water into areas not
previously swept by water. However, gels are designed to improve only EV (Seright,
2004). A new trend in gel treatments is applying PPGs because they can overcome some
distinct drawbacks inherent in in-situ gelation systems, such as a lack of gelation time
control, uncertainness of gelling due to shear degradation, chromatographic fractionation
of gelant compositions, and dilution by formation water (Bai et al. 2008).
Surfactant reduces residual oil in the swept area and improves ED by reducing
capillary forces and IFT between oil and water. It also can alter the wettability of the
matrix-rock which will ultimately lead to improve the oil recovery. Surfactants can be
injected either from an injection well (called flooding) or a production well (called huffpuff or soaking). The major problem with surfactant injection is that the surfactant
preferably enters fractures or super-permeable zones/streaks, which will cause it to break
through early and have little chance to contact low-permeability zones or matrixes to
interact with and recover the large amount of oil remaining there.
Surfactant EOR can increase ED but has little or no effect on EV. PPGs have been
applied successfully to improve reservoir conformance; however, the PPGs technology
can only be used to plug fractures or high-permeability matrix-rock to improve EV and
has little effect on ED. This research investigates the coupling of PPGs treatment and
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surfactant EOR into one process, thus excluding the limitations of each method when
used individually. The combined method will improve both ED and EV and thus the
overall cost-effectiveness and robustness of EOR application will be achieved. The
primary focus of this research is on designing and execution of the novel technology to
convention oil reservoirs.
1.2 RESEARCH TECHNICAL APPROACH
1.2.1

Research Objectives. A comprehensive approach of laboratory and field

pilot tests will be implemented in this research to investigate the extent to which the
coupled method of PPGs conformance control treatment and surfactant flooding can
improve both EV and ED, thus improving ultimate oil production.
The objectives of the research are to: (1) find best PPGs and surfactants for the
well candidates operated by small producing companies, and optimize field application
design, and (2) test the extent to which the proposed coupled method can reduce water
production, improve oil production, and identify where and how the novel technology can
be applied most acceptably, and (3) test if PPGs and surfactant can be injected into the
target reservoir and the extent to which the treatment can reduce water production and
increase oil production.
1.2.2

Scope of the Work. This research covers laboratory experiments

of PPGs and surfactant chemical compatibility, core flooding experiments for a
comprehensive evaluation of the proposed novel EOR process, and a detailed analysis of
available field data and field pilot test design and implementation of the proposed
method.
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The research has three major tasks. The first task is to screen the best PPGs and
surfactants and evaluate the chemical compatibility of these two chemicals when they
interact together. The second task is to test to what extent the proposed novel EOR
method—forced imbibition technology can improve oil recovery and oil production rate,
and identify where the novel technology can be best used. The third task is to execute
field pilot tests and conduct a performance analysis after treatment.
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2

LITERATURE REVIEW

This chapter provides background information on reservoirs conformance
problems and historical work relevant to gel treatment, especially PPG, and surfactant
EOR flooding in carbonate and sandstone reservoirs. Field applications of both processes
will be summarizes as well. Additionally, the related work on the interaction between
surfactant and gel is reviewed.
2.1 RESERVOIR CONFORMANCE PROBLEMS
Conformance is the measure of the volumetric sweep efficiency during the flooding
of displacing fluid of oil recovery process (Sydansk and Romero-Zerón 2011). In order to
understand the concept of conformance, it is important to define the volumetric EV which
represents the percent of pore volume in porous media that is swept by displacing fluid
(Satter et al. 2008).

EV = E A E I

(1)

Where EA is the areal sweep efficiency and EI is the vertical sweep efficiency. The
conformance problems often significantly reduce the rate of oil recovery in a given oil
reservoir during oil recovery flooding operations (e.g. waterflooding, CO2 flooding and
etc.), as compared to a similar reservoir without conformance problems (Sydansk and
Romero-Zerón 2011).
2.2 RESERVOIR HETEROGENTY
The single most important reason for a low oil recovery factor is reservoir
heterogeneity. There are two categories of extremely heterogeneous reservoirs discussed

8
in this subsection. The first type is the naturally fractured reservoirs which contain a
quite large portion of the U.S. reserves. For example, about one-half of the U.S. oil
reserves are held in carbonate formations which are often naturally fractured (Morrow
and Buckley, 2006). The second type is the reservoirs which have induced fractures or
fracture-like channels common in mature oilfields (Liu et al. 2006). Various
heterogeneity features control the distribution and movement of fluids in a reservoir.
Natural fractures are cracks in the consolidated reservoir matrix and are usually
created by tectonic stresses; they are more common in carbonate than in sandstone
reservoirs (Akbar et al. 1993). These extremely heterogeneous reservoirs have a complex
network of fractures with different spatial distribution and conductivity. Oil extraction
from these fractured systems is a challenging task because they present an extreme
property contrast between the rock matrix and fractures.
Natural fractures, one of the most common types of heterogeneities in a reservoir
system, can create flow-paths that allow displacing fluids to bypass oil in formation
matrix. Natural fractures occur primarily in a single direction; however, they can also
occur in an interconnected system that exhibits two distinct porosity types: (1) the fine,
low-permeability pores of the matrix and (2) the higher-permeability system of fractures,
fissures, and vugs.
A significant percentage of oil reserve (approximately 60 % of the world’s proven
oil reserves) is trapped in fractured carbonate reservoirs. These carbonate reservoirs are
extremely challenging in terms of oil recovery because of their heterogeneity. Most
carbonate reservoirs are naturally fractured and contain fractures that can range from
isolated microscopic fissures to kilometer-wide collections called fracture swarms or
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corridors, these fractures impact production performance and total recovery. According to
the DOE, 22% of the original oil in place (OOIP) of the U.S. is in shallow shelf carbonate
reservoirs. These shallow shelf carbonate reservoirs are found in over fourteen States;
however, over 70% of the OOIP is located in reservoirs in Texas and New Mexico,
mostly concentrated in the Permian Basin (Nuckols, 1992; Xie et al. 2004).
When natural fractures present in sandstone reservoirs, they can have a significant
influence on reservoir fluid flow and performance. These natural fractures not only
enhance the overall porosity and permeability of these reservoirs, but also create
significant permeability anisotropy, which causes the drainage area around the wells to be
elliptical (Ahmed, 2010).
These fractures are often large and conductive which contribute to the poor oil
recovery. These large features deter and prevent the displacing fluids from uniformly and
effectively sweeping and recovering the oil that is produced from the matrix-rock
reservoir into the fracture network.
2.3 BACKGROUND AND EXISTING TECHNOLOGIES
2.3.1

Gel Treatments. Gel injections usually are intended to reduce the volume

of water produced with the oil, but they also can result in improved EV (Liang and
Seright, 2000). When successful, these gel systems divert a portion of the injected water
into areas not previously swept by water. A new trend in gel system treatments is to apply
PPGs because they can overcome some distinct weaknesses inherent in the conventional
in-situ gelation systems, such as a lack of gelation time control, uncertainness of gelling
due to shear degradation, chromatographic fractionation of gelant compositions, and
dilution by formation water.
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PPGs are cross-linked, polymeric, 3D networks that can absorb several hundred
times their original weight. Commercial PPGs are normally millimeter-sized, sugar-like,
hydrophilic, hygroscopic substances that are a light whitish-yellow or brown color
(Zohurian-Mehr and Kabiri, 2008, Bai et al. 2013). In oilfield terms, PPGs are gel
particles formed on the surface prior to injection underground. When immersed in water
or aqueous solution, gel particles absorb to their equilibrium volume and do not dissolve.
Because PPGs are relatively inexpensive, operationally easy, and environmentally
friendly, they are gaining attention and popularity for use in conformance improvement
treatments and have been applied successfully for nearly 20 years (Coste et al. 2000; Bai
et al. 2007a; Bai et al. 2007b; Liu et al. 2010; Bai et al. 2013).
Using PPGs for conformance improvement has become a new trend for gel
treatment application. Gel treatments are widely applied to improve conformance and
reduce water channeling in mature reservoirs. Two kinds of gels, in-situ crosslinking gels
and PPGs are applied to control conformance, the former being the more widely used. A
mixture of a polymer and a cross-linker (called pre-gel or gelant) is injected into a target
formation, where the two react at reservoir temperature to form a gel that fully or
partially seals the formation. PPGs recently have been developed and applied to control
conformance. They can overcome some of the drawbacks inherent in an in-situ gelation
system, such as lack of gelation time control, gelling uncertainty due to shear
degradation, chromatographic fractionation, and dilution by formation water (Chauveteau
et al. 2003; Bai et al. 2007a & 2007b).
PPGs are formed at a surface facility before injection, thus no gelation occurs in the
reservoir. These gels usually have only one component during injection and display little
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sensitivity to the physicochemical conditions in a reservoir, such as pH, salinity,
multivalent ions, hydrogen sulfide, and temperature (Bai et al. 2007a & 2007b).
2.3.2

Advantages of PPGs Treatment. PPGs are synthesized and formed in

the surface prior to injection, which limits the problems associated with the traditional insitu gel, such as uncontrolled gelation time, variations in gelation due to shear
degradation, and gelant changes caused by contact with reservoir minerals and fluids (Bai
et al. 2007a). If successfully designed, PPGs can partially plug the fractures and provide
enough pressure to divert the displacement fluid (water, surfactant or CO2) into the oilwet matrix of the fractured reservoir.
Current commercially available particle gels come in various sizes, including
micro-to millimeter-sized PPGs (Coste et al., 2000; Bai et al., 2007a, 2007b), microgels
(Zaitoun et al., 2007), pH sensitive cross-linked polymers (Al-Anazi and Sharma, 2002;
Huh et al., 2005), and swelling submicron-sized polymers (Pritchett et al., 2003;
Frampton et al., 2004). Their major differences lie in the particle size, swelling time, and
swelling ratio. Published documents show that PPGs, microgels, and submicron-sized
polymers have been economically applied to reduce water production and improve oil
recovery in mature oil fields.
Microgels were applied to about ten gas storage wells to reduce water production
(Zaitoun et al., 2007). Submicron-sized particles were applied to more than sixty wells
(Cheung et al., 2007). Millimeter-sized PPGs have been applied in over 4,000 wells in
water floods and polymer floods in China to reduce the permeability of fractures or
super-high permeability channels (Liu et al., 2010).
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PPGs have been widely accepted and are seeing more use by operators due to
their unique advantages over classic bulk gels systems, including that they:
• Are synthesized prior to formation contact, thus overcome distinct drawbacks inherent
in in-situ gelation systems, such as uncontrolled gelation times and variations in gelation
due to shear degradation, as well as gelant changes caused by contact with reservoir
minerals and fluids.
• Are strength- and size-controlled, environmentally friendly, and stable in the presence
of almost all reservoir minerals and formation water salinities.
• Can preferentially enter into fractures or fracture-feature channels while minimizing
gel penetration into unswept zones/matrixes. Gel particles with the appropriate size and
properties should transport through fractures or fracture-feature channels but should not
penetrate into conventional rocks.
• Usually have only one component during injection. Thus, PPGs treatment is a simpler
process that does not require many of the injection facilities and instruments that often
are needed to dissolve and mix polymers and crosslinkers for conventional in-situ gels.
• Can be prepared with produced water without influencing gel stability. In contrast,
traditional in-situ gels are often very sensitive to salinity and multivalent cations in the
produced water. This not only can save fresh water but also protect our environment.
2.3.3

Field Applications of PPGs. PPG application for conformance control

was initiated in 1997 by the Research Institute of Petroleum Exploration and
Development (RIPED), PetroChina (Bai et al. 2013). Since then, approximately 4,000
wells have been treated using PPGs or PPGs combined with other gels in most oilfields in
China, covering both sandstone and carbonate reservoirs different temperature and
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formation salinities (Bai et al. 2013). The following paragraphs will summarize most of
the successful PPGs applications that are available to the public, which Bai et al. (2013)
reported in their SPE paper number 164511.
PPGs were applied in high-salinity (15 × 104 ppm), high-temperature (107 °C)
reservoir in Zhongyuan oilfield operated by SINOPEC in China. Under these severe
conditions, using in-situ gel was impossible. The reservoir formation was sandstone that
was under water flooding program for long time. The major problems were the rapid
communication between the injection and production wells and extreme vertical
heterogeneity. After successful treatment of PPGs, the application became the dominant
conformance improvement technique in the Zhongyuan oilfield.
PPGs were also the conformance treatment of choice in Danqing oilfield, which is
one of the largest oilfields in China. The formation reservoir had low-salinity (4,500
ppm) and low-temperature (45 °C) which made polymer flooding extremely successfully
applied in the field for some time. However, the severe vertical heterogeneity problems
prompted the operators to used PPGs. Since 2004, PPGs treatment has been applied
frequently in Danqing field; however, no information is available on how much success
this application yielded so far.
PPGs treatment was applied in Shengli oilfield, China, which exhibits severe sand
production problems. In 1999 two wells were selected for PPGs treatment on Shangdian
reservoir, a sandstone reservoir with faulted-block, unconsolidated sand, and high-salinity
conditions, which made other conventional gel treatments unfavorable. After the
treatment, the profile surveys showed improvement of the vertical fluid distribution and
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incremental oil production. Many fields, such as Dangang, Zhongyuan, and Shengli, have
used PPGs combined with weak polymer gels to enhance PPGs treatment results.
In the U.S., PPGs technology has been applied since early 2000s. However, only a
few applications results have been released to the public domain. Smith et al. (2006) and
Pyziak and Smith (2007) have reported the implementation of PPGs in the Anton Irish
field in West Texas, operated by Occidental Petroleum Corporation (Oxy). The reservoir
formation is carbonate and CO2 flooding project was initialed in 1997; however, the rapid
breakthrough of CO2 and water through conduits led the operators to explore different
conformance improvements solutions. After failed attempts a swelling polycrystalline
materials (PPGs) were selected to fill the conduits and prevent the CO2 and water
cycling. The results showed reduction in CO2 and water production and increase in
incremental oil production which indicated that PPGs were successful in filling the voids
within the reservoir.
Larkin et al. (2008) reported a case study of using PPGs in Kelly-Snyder field in
Scurry County, Texas. PPGs were injected into multiple wells to remediate their short
circuits and control CO2 production. PPGs particles up to 6 mm-size were injected
successfully into all selected wells. The results showed improvement in the injection
profile, CO2 production decreased and oil production increased.
Recently, Peirce et al. (2014) reported a field case study of using PPGs in the
West Sak Field in North Slope of Alaska. The field is a shallow viscous oil reservoir with
poorly consolidated sand that has been under waterflooding since 1998. The field went
through severe conformance problems because of the nature of the formation and
inadequate completion techniques. A variety of solutions designs were attempted:
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pumping graded CaCO3, molten wax, special cement blends, and finally PPGs. Most of
these treatments were applied on horizontal wells, which required adjustments for some
challenging placement control dynamics. During 2011 to 2013, ten PPGs treatments were
executed in seven multilateral injectors and one vertical injector. Two wells were
retreated after they failed within three months. At this point, six treatments on eight wells
are still holding, for a 75% success rate by well.
2.3.4

Surfactant EOR. Surfactant EOR reduces residual oil in the swept area

and improves the ED by reducing the capillary and IFT between oil and water. Surfactants
can be injected either from an injection well (called flooding) or a production well (called
huff-in-puff or soaking). The major problem with surfactant injection is that the
surfactant primarily enters fractures or super-permeable zones/streaks, which will cause it
to break through early or have little opportunity to enter low-permeability zones or matrix
to clean the large amount of oil remaining there.
Recent studies have shown that the EOR mechanism behind this method for
heavy oil also contributes to a significant oil viscosity reduction resulting from the
formation of water/ oil (W/O) emulsions (Dong, M., et al. 2009; Liu, Y., et al., 2010). One
concern regarding the emulsification method is the emulsion stability. However, it has
been reported that some nanoparticles, such as CAB-O-Sil® TS-530, can be used to
stabilize the emulsion. Several pilot tests have shown that surfactant flooding can increase
oil recovery by 10 to 20% after waterflooding (Wang, et al. 2002). However, early
surfactant breakthrough often can occur due to flow short-circuiting. This occurs because
surfactant flooding is always performed in mature oilfields where reservoir heterogeneity
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has been aggravated due to previous oil production and water injection (Thomas, S. 2005;
Wang, et al. 2006). Early breakthrough wastes surfactants and increases lifting costs.
Surfactant soaking (Huff-n-Puff) is applied mainly to alter reservoir wettability
from oil-wet to water-wet for oil recovery improvement, mostly in carbonate and heavy
oil reservoirs. During field application, a surfactant solution first is injected into a
production well, and then the well must be shut off for a few days to allow the surfactant
to enter unswept regions by spontaneous imbibition instead of entering only the fractures
or high-permeability channels, as is its preference. Lastly, the well is put back into
production. This method can significantly improve oil recovery in lab scale, but it is a
slow recovery process because spontaneous imbibition is limited by the rate of molecular
diffusion (Stoll, et al. 2008).
2.3.4.1 Surfactant EOR in sandstone reservoirs. Surfactant EOR methods in
sandstone reservoirs are mainly used for surfactant flooding to reduce residual oil in
swept area and to improve ED by reducing capillary forces and IFT between oil and
water. Several pilot tests have proven surfactant flooding can increase oil recovery by 10
to 20% after water flooding (Wang, et al. 2002; Pitts, 2006). However, early surfactant
breakthrough can often occur due to flow short-circuiting. This occurs because surfactant
flooding is always performed in mature oilfields where reservoir heterogeneity has been
enhanced due to previous oil production and water injection.
2.3.4.2 Surfactants EOR in carbonate reservoirs. Surfactants EOR in
carbonate reservoirs was proposed as wettability altering agents for oil-wet fractured
reservoirs by many researchers (Milter and Austad, 1997; Standnes and Austad, 2003;
Seethepalli et al. 2004; Hirasaki and Zhang, 2004). In fractured carbonate reservoirs the
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recovery mechanism is based on spontaneous imbibition or buoyancy displacement of oil
by the surfactant from the matrix. However, in order for the surfactant to imbibe and
change the wettability of the matrix and subsequently recover oil, it must first diffuse into
the matrix porous media.
The main problem in the fractured carbonate reservoirs is the poor volumetric ED
which limits the amount of the surfactant that comes in contact with the oil-wet matrix.
Stoll et al. (2008) reported that spontaneous imbibition of surfactant as wettability
modification agent could not provide an economically interesting opportunity unless
external forces enable forced imbibition of this surfactant. The proposed PPGs technique
can prevent the early breakthrough of surfactant and it could offer this external force by
providing a high injection pressure gradient which will force driving surfactant as a
filtrate into the oil-wet matrix.
2.4 INTERACTION BETWEEN SURFACTANT AND GEL
Interaction between surfactant and gel has been the subject of several studies
(Dembo and Starodoubtsev, 2001; Mylonas and Staikos, 2001; Okuzaki and Osada, 1994;
Wu et al. 2011; and Muhammed et al. 2012). Muhammed and colleagues investigated the
interaction between negatively charged PPGs and six different surfactants: two cationic,
two anionic, and two neutral. They reported that the swelling rate of PPGs in surfactant
solution could increase the concentration of anionic and neutral surfactants in their free
aqueous phase but decrease cationic surfactant concentration. Rheology measurement
showed that surfactant could significantly reduce the strength of PPGs.
Wu and co-workers studied the interaction between neutralized hydrogel (another
name of PPGs) and several types of surfactants. They reported that surfactant
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concentration could increase substantially, while the hydrogel dynamic modulus
decreased. They also reported that the injectivity of particle gels can be improved
significantly if proper surfactant was used.
Mylonas and Staikos studied interaction between an anionic surfactant and two
types of cationic polyelectrolytes. They concluded that the interaction of a cationically
charged polyelectrolyte with the surfactant is favored by the hydrophobicity of the
polymer.
Okuzaki and Osada studied the thermodynamic and kinetic of binding of cationic
surfactants with an anionic polymer network, they actually studied the binding constant k
and the cooperatively parameter u, they found that these parameters increase with
increasing alkyl chain length, indicating the binding is cooperative in nature and
dominated by a hydrophobic interaction.
Dembo and co-worker studied the interaction between polyelectrolyte gelsurfactant complexes with oppositely charged polymer and surfactant components; they
found that the rate of the gel swelling is limited by the kinetics of the decomposition of
the highly ordered nanostructures in the polyelectrolyte gel-surfactant complexes. They
also reported that these reactions lead to a strong swelling of the gels, and that the driving
force of the reaction was the formation of new complex between the oppositely charged
surfactants.
The interaction between surfactant and gel has also been studied extensively for
medical and pharmaceutical purposes. For example, Kokufuta et al. (1993) reported that
ionic surfactants affect the swelling equilibrium of nonionic hydrogels and that as the
surfactant concentration increases, so does the volume of the gel. Gao et al. (1999)
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studied the interaction between surfactant and microgel, finding that the swelling and
shrinking of microgel can be attributed partially to the micelle formation inside the
microgel network.
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3

SCREEN THE BEST SURFACTANTS COMPATIBLE WITH PPGS

3.1 INTRODUCTION
PPGs recently have become the treatment of choice for many oilfield operators
dealing with conformance problems because of their ability to block or partially block the
water production zones and direct the oil displacing fluids into the low-permeability, oilrich matrix in the reservoir. The properties of PPGs have been studied extensively by Bai
et al. (2012) in terms of their swelling ratio, rheological behavior, and ability to propagate
through porous media. Currently, the research for the interaction between chemicals
focuses on surfactants and polymers, while few studies dealt with the interaction
mechanisms between the surfactant and PPGs. PPGs are a composite of a network
structure of high water absorbing material, they do not only swell fluids, but they can also
adsorb surfactant molecules on their particles surfaces. Therefore, this chapter will
address the impact of anionic, nonionic, and cationic surfactants on PPGs, in terms of
their swelling ratio and rheological properties. Also, it will study the surfactants
concentration change after PPGs reach equilibrium swelling in their aqueous solution.
3.2 EXPERIMENTAL SECTION
3.2.1

Materials and Equipment. In these series of experiments, two different

PPGs were evaluated in terms of their swelling ratio, the rheological property (storage
modulus), and their interaction with the surfactants selected for the compatibility study.
Table 3.1 describes the physical properties of the two PPGs. The first PPGs that were
used are called Cerogel® PPG-746 (acquired from ChemEOR, Inc., Covina CA). The
other PPGs are called Nano-Composite Clay Gels (NCG). The NCG was synthesized in
Missouri S&T laboratories. NCG is composite of a monomer acrylamide (98.5%) and
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cross-linker methylene-bis-acrylamide (MBAA, 97%), ammonium sulfite which used as
initiator and nano-sized bentonite. The following is the synthesis procedures:
150 g of acrylamide were added to 498.7 g of distilled water with the bentonite
concentration at 1.0 %. The solution was purged with nitrogen gas for 40 minutes and
stirred for 30 minutes until the entire solid was dissolved. 0.650 g of methylene-bisacrylamide (MBAA) was added to the solution for complete dissolution upon stirring.
0.650 g of (NH4)2S2O8 was then added with stirring to the solution prepared above.
The mixture solution was placed in an oven at 60 °C for fourteen hours for the
complete polymerization after 20 g of Na2CO3 were added. A strong bulk gel was formed
and then hydrolyzed at 80 °C for another eight hours to form the negatively-charged
carboxylate anions in the network due to the presence of Na2CO3. The formed gel was
then purified by soaking in large amounts of distilled water (DI) for one week and
followed by drying at 60 °C for four days to yield 195.64 g of dry gel. The dried gel bulk
solid were crushed into small particle in a blender machine. NCG with particle sizes
between 30-40 mesh (600-425 µm) were selected through standard testing sieves.

Table 3.1—Physical properties of PPGs
Commercial/Academic name

Physical Property

Particle Size (mesh)

Cerogel® PPG-476

Weak, sticky, brown color

60-70

NCG

Strong, light brown color

30-40
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The following types of surfactants were selected to be used in this study: cationic
surfactants {n-dodecylpyridinium chloride (98%), ARQUAD® T-50, anionic surfactants
{sodium 4-n-octylbenzenesulfonate, Sodium dodecyl benzene sulfonic acid}, and
nonionic surfactants {Igepal® CO-530 and Tergitol® NP-10}. Table 3.2 presents the
physical properties of these surfactants. Sodium Chloride (NaCl) with different
concentrations was used as brine in all the experiments. Water used in all experiments
was DI.

Table 3.2—Molecular structure, critical micelle concentration (CMC) and related
parameters of selected surfactants
Surfactant

Charge

CMC* in
1.0% NaCl

n-Dodecylpyridinium chloride

cationic

2.8×10-3 M

ARQUAD® T-50
Trimethyl tallowalkyl(C16-C18)
ammonium chloride

cationic

1.3×10-3 M

Sodium 4-n-octyl benzene sulfonate

anionic

1.3×10-3 M

Sodium salt, dodecylbenzene
sulfonic acid

anionic

4.6×10-4 M

Igepal® CO-530
Nonylphenoxypoly(ethyleneoxy)
alcohol

nonionic

4.1×10-5 M

Tergitol® NP-10
(Nonylphenol ethoxylated alcohol)

nonionic

2.8×10-5 M

Molecular Structure

_

* Rosen, M. J. 2004. Surfactant and interfacial Phenomena. 3rd ed. Wiley-Interscience, pp 185-188.
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A rheometer, the HAAKE RheoScope (from Thermo Scientific Company), was
used to measure the storage modulus (G`). A UV mini-1240V, UV–vis spectroscope
(from Shimadzu Company) was used to measure the change in surfactant concentration.
3.2.2

Methodology. The following is a description of the methods used to

measure PPGs swelling ratio and rheological behavior, and surfactant concentration
change.
3.2.2.1 Swelling ratio (SW) measurements. In basic terms, SW is the ability of
PPGs to absorb the aqueous solution in which they are immersed. It can be measured by
the weight method (Stubbe, 2004), which requires knowledge of the initial weight of the
dry gel particles (mo) and the weight of the swollen PPGs at the point of equilibrium (mt):

SW =

mt − mo
mo

(2)

Where SW is the swelling ratio in gram/gram (g/g), mo is the PPGs initial (dry)
weight in g and mt PPGs weight after equilibrium in g. Test tubes (50 ml) were used to
measure the SW of PPGs in brine and surfactant solutions, separately. First, 0.2 g of
PPGs were added to 39.8 g of a brine or surfactant solution in a test tube. Then, the test
tube was shaken vigorously on a shaking device overnight.
3.2.2.2 PPGs rheological properties measurement. A HAAKE RheoScope
was used to evaluate the strength (G’) of the swollen PPGs samples. The oscillation time
sweep curve model was selected for the measurement; it represents the storage and loss
moduli logarithmically in Pascal (Pa) as a function of time in seconds. The frequency was

24
set at 1.0 Hz. A controlled stress (CS) mode was chosen because the selected stress value
had to be in the linear viscoelastic range. The stress applied to the PPGs was 1.0 Pa to
ensure that the gel strain and stress had a linear relationship during measurement. A PP35
Ti Po LO2 016 sensor was used, and a gap of 0.2 mm between the sensor and the plate
holding the PPG sample was used. For each sample, storage modulus readings were taken
every 30 seconds for three minutes.
Normally, a sample with defined geometry is placed between the plate and the
sensor of the rheometer. However, commercial PPGs are irregular granule particles,
which makes measuring the G’ difficult because the swollen particles tend to slide out of
the gap when the sensor begins to press on them as shown in Fig. 3.1.

Figure 3.1—PPGs between the rheometer’s sensor and plate

To make the G’ measurement more accurate and to avoid the above mentioned
problem, NCG was synthesized in disc-like uniformed shape as shown in Fig. 3.2.
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However, the Cerogel® was acquired in irregular granule shape so their measurement has
to be repeated several times to achieve reliable results.

Dry NCG disc

NCG disc swollen in 1 wt% NaCl

NCG disc between sensor and plate

Figure 3.2—Disc technique to solve the PPG sliding problems

3.2.2.3 Surfactant concentration measurements. 0.2 g of dry PPGs were
poured in 39.8 ml of a surfactant solution in a 50 ml test tube. The initial surfactant
concentrations were 200, 500, and 1,000 ppm. After the PPGs reached equilibrium
(approximately seven days), the equilibrium solutions surfactant at the top of the test tube
were measured. The UV-Vis spectrum was scanned from 1100 nm to 190 nm to identify
the wavelength at which it reached the maximum of the spectrum (λmax). The
equilibrium concentration of each surfactant was measured based on the sample’s
absorbance at λmax. The equilibrium concentration of each surfactant was measured
through its absorbance equilibrium (ABS equilibrium). The ABS equilibrium of each
surfactant was measured using standard curve method.
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3.3 RESULTS AND DISCUSSION
3.3.1

SW Measurement Results. The following subsection presents the results

of the SW of PPG at different swelling environments.
Effect of brine on the SW of PPGs. The SW of NCG and Cerogel® were
measured using the following different brine concentrations: 0, 2,500, 10,000, and 50,000
ppm of NaCl at ambient temperature. Fig. 3.3 shows a plot of the SW in g/g in the Y-axis
and brine concentration in ppm in the X-axis. The plot shows that the higher the brine
concentration the lower the SW because of the diﬀerence in the osmotic pressure between
the PPGs internal network and the external brine solution, this osmotic pressure
decreased as the ionic strength of the brine increased. The highest SW value was attained
when PPGs swollen in DI water (0 ppm). It is also found the Cerogel® has higher SW
values than NCG.
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Figure 3.3—Effect of brine concentration on swelling ratio of PPGs
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Effect of temperature on the SW of PPGs. The SW of NCG and Cerogel® were
evaluated at the following temperature: 25, 45, 60 and 80 °C (77, 113, 140, and 176 °F).
Brine concentration of 10,000 ppm of NaCl was used in this experiment, Fig. 3.4 shows
the SW in g/g in the Y-axis and temperature in °C in the X-axis. From the plot, it is clear
that temperature has minor effect on the NCG, and moderate effect on the weak
Cerogel®. Overall, the temperature did not have significant impact on the SW of these
two PPGs which shows they are not temperature sensitive.
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Figure 3.4—Effect of temperature on swelling ratio of PPGs

Effect of surfactant on the SW of PPGs. The SW of NCG and Cerogel® were
evaluated by using six different surfactants types with various concentrations, 200, 5,000,
and 10,000 ppm. A blank test, denoted by 0 ppm surfactant, of 10,000 ppm NaCl was
used for comparison. Fig. 3.5 and 3.6 show plots of the SW in g/g in the Y-axis and
surfactant concentration in ppm in the X-axis.

28
Fig. 3.5 plots the effect of the surfactants on the SW of the NCG. The NCG with 0
ppm showed a larger SW than the NCG with high surfactant concentration, although
surfactant adsorption on NCG surface is smaller, indicating that a hydrophobic
relationship is formed in the NCG. The surfactants may have formed micelles at high
concentration, which act as physical cross-link to restrain the swelling of the NCG.
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Figure 3.5—Equilibrium SW of NCG in different types of surfactants shown as a
function of surfactant concentrations at ambient temperature

Fig. 3.6 shows effect of the surfactants concentration on the SW of the Cerogel®.
There is a similar trend to the previous figure; however, the effect of surfactant
concentration is more predominant with Cerogel®. This could be attributed to the high
adsorption of surfactants on the Cerogel® particles surface. With the increase in the
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surfactants concentrations, their molecules/micelles formed a shield to restrain water
from penetrating into the PPGs network.
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Figure 3.6—Equilibrium SW of Cerogel® in different types of surfactants shown as a
function of surfactant concentrations at ambient temperature

3.3.2

PPG Rheological Measurement. The effect of brine, surfactants, and

temperature in PPG strength is presented in this section.
Effect of Brine Salinity on PPGs Strength. Fig. 3.7 shows the brine salinity effect
on the storage modulus (G’) of the NCGs at ambient temperature, which were
categorized into three different classes. NCGs, which were swollen in 50,000 ppm NaCl,
have the highest G’ value of approximately 2,500 Pa. NCGs, which were swollen in
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10,000 ppm, have a G’ ranges from 2,020 to 2070 Pa. The third class which considered
the weak NCG has a G’ ranges between 1,480 to 1,560 Pa The reason for this
phenomenon is that NCGs that were swollen in high-salinity brine had smaller particles
with stronger polymer network bonds which resulted in a high G’.
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Figure 3.7—G’ of NCG at ambient temperature as a function of brine salinity

Fig. 3.8 presents the effect of brine salinity on the G’ of the NCG at 80 °C (176
°F). The figure confirmed that at high temperature the NCG had low G’ comparing with
their results at ambient temperature in Fig. 3.7; however, when it comes to brine salinity
effect the trend is still the same where the higher the brine salinity, the higher the G’ of
the PPGs.
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Figure 3.8—G’ of NCG at 80 °C as a function of brine salinity

Measuring the G’ of Cerogel® particles using the rheometer was very tedious task
because the results were different each time and the test had to be repeated several times
to obtain reliable G’ values. Fig. 3.9 shows effect of brine salinity on the G’ of the
Cerogel® at ambient temperature. Cerogel® that swollen in 50,000 ppm NaCl is the
strongest gel, it has the highest G’ with an average value of 650 Pa. Cerogel® that swollen
in 10,000 ppm has a G’ ranges from 406 to 419 Pa, while the Cerogel® that were swollen
in 2500 ppm of brine salinity had average G’ values of 270 Pa. Overall, G’ values of
Cerogel® are dramatically less than the G’ values of NCG, which shows that Cerogel® is
much weaker that NCG, which was confirmed by pressing the two different gel particles
between fingers.
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Figure 3.9—Effect of brine salinity on G’ of Cerogel® particles at ambient temperature

Fig. 3.10 shows effect of brine salinity on the G’ of the Cerogel® at 80 °C (176
°F). At high temperature the Cerogel® has low G’ with 10,000 ppm and 2,500 ppm brine,
however, the Cerogel® particles with 10,000 ppm is collapsed and become weak. This
shows that the rheological properties of weak gels are more prone to temperature effect.
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Figure 3.10—Effect of brine salinity the G’ of Cerogel® particles at 80 °C
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Effect of surfactant concentration on PPG Strength. To evaluate the effect of
surfactant on PPGs strength, 0.2 g of dry PPGs were immersed in various surfactant
concentrations: 200, 500, and 1,000 ppm. The surfactant solutions prepared with 10,000
ppm of NaCl brine, and the PPGs and surfactant solution mixture was shaken well to
ensure the particles get completely swollen. A blank test of the PPG swollen in the NaCl
brine was also tested for comparison. Two different temperature environments, ambient
temperature and 80 °C were applied to study the effect of temperature on the interaction
between surfactants and PPGs. The following paragraphs summarize the results and give
interpretations.
Fig. 3.11 and 3.12 show the effect of surfactants types and various concentrations
on the G’ of NCG at ambient and 80 °C temperature, respectively. It is clear that the
surfactant has major effect on the G’ of NCG. For example, NCG with the blank test had
G’ values of 2,031 Pa and 1,524 Pa at ambient and 80 °C temperature, respectively.
However, when the surfactant concentration increased, the storage modulus decreased
gradually until it reached the lowest values when the surfactants concentrations are 1,000
ppm. The increasing temperature generally reduced the values of G’, which was observed
previously.
The surfactant concentration effect on the G’ of NCG happened because when the
surfactant concentration was the lowest only small adsorption took place on the surface
on NCG, however, when the surfactant concentration increased it exceeded the CMC and
formed spherical micelles which acted as flexible balls between the surfaces of PPGs, the
sensor plate and the glass plate in the similar way of a lubricant (Wu et al., 2011).
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Figure 3.12—G` of NCG as a function of surfactant concentration at 80 °C
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Fig. 3.13 and 3.14 show the effect of different surfactants on the G’ of Cerogel® at
ambient temperature and 80 °C, respectively. The figures present a similar trend to the
interaction between the surfactants and NCG; the only difference is shown in Fig. 3.14
where some Cerogel® had collapsed and became polymer-like when interacted with
anionic and nonionic surfactants. For example, the G’ of the Cerogel® that swollen in
1,000 ppm of anionic surfactants, sodium 4-n-octyl benzene sulfonate and sodium salt,
dodecylbenzene sulfonic acid, was reduced by 95% and 93%, respectively, comparing
with the blank test. While, the G’ of the Cerogel® that were swollen in 1,000 ppm of
nonionic surfactants, Igepal® CO-530 and Tergitol® NP-10, was reduced by 98%. The
reduction in the cationic surfactants was approximately 50%. The G’ of the Cerogel® that
were swollen in the anionic and nonionic surfactants with high concentrations (500 ppm
and 1,000 ppm) were reduced dramatically at 80 °C, which might be attributed to the

G', Pa

increase in the CMC of these surfactants at high temperature.
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Figure 3.13—Cerogel® storage modulus as a function of surfactant concentration at
ambient temperature
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Figure 3.14—Cerogel® storage modulus as a function of surfactant concentration at 80 °C

3.3.3

Surfactant Concentration Change. The initial concentration of all

surfactants used in these experiments were 200, 500, and 1,000 ppm. After the PPGs
were fully swollen, the equilibrium concentration of the surfactant in the top excess
solution was measured, as shown in Fig. 3.15 and 3.16.
The concentrations of the cationic and nonionic surfactants increased when with
500 and 1,000 ppm and decreased slightly with 200 ppm. The anionic surfactants
decreased in all the concentrations with the sodium 4-n-octyl benzene sulfonate but
increased with dodecylbenzene sulfonic acid sodium salt with 500 and 1,000 ppm and
reduced with 200 ppm. The reduction with 200 ppm could be attributed to the fact that at
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low concentration the surfactant did not form micelles and thus some of the small
molecules penetrated into the PPGs network structure.
The surfactant concentration increased because the micelles formed in the
solution, which were larger than the PPGs network structure. In other worlds, when the
dry PPGs came into contact with the surfactant solution and the particles absorbed water
and swelled, other single surfactant molecules and ions diffused into the network
structure because of their small size and concentration. However, surfactant micelles
could not pass through the network to be absorbed by the swollen NCG and Cerogel®
network because they were much larger. By the time the swelling reached equilibrium,
the gel had absorbed water, and fewer surfactant molecules could enter the gel pore
network. As a result, the concentration of surfactant remaining in the excess solution
increased.
The only slight difference between the two PPGs is that there is a higher increase
in concentration of the nonionic surfactants with Cerogel®. This could be attributed to the
strong repulsion between the Cerogel® particles and surfactant preventing it from
attaching to the Cerogel® particles surface.
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3.3.4

Summary. In this section, the experimental results of PPGs interaction

with brine and surfactant at different temperature environments were presented. Several
parameters including the brine salinity and surfactant concentration were varied. It is
observed that brine salinity had profound effect of PPGs SW and G’. The brine salinity is
inversely proportional with SW and directly proportional with G’.
The varying of surfactant types did affect the PPGs SW; however, the surfactants
concentration influenced the SW significantly. With increasing the surfactant
concentration, micelles were formed in the aqueous phase which made the PPGs uptake
of water more difficult resulting in reduction in the SW of PPGs. The surfactant
concentration also influenced the G’of the PPG inversely. The reason for this is the
lubrication-like effect of the surfactant spherical micelles formed on the PPGs particle
surfaces. The temperature increase partially affected the SW of the PPGs; however, it had
inversely proportional influence on the G’. The temperature increase also caused the
CMC of the anionic and nonionic surfactant to increase which resulted in significant
reduction in the G’.
In most cases, the surfactants with small concentrations were reduced because
when the dry PPGs particles absorbed water and swelled, other single surfactant
molecules and ions diffused into the network structure because of their small. However,
at higher concentrations the surfactant micelles could not pass through the network to be
absorbed by the swollen PPGs network because they were much larger. By the time the
swelling reached equilibrium, the PPGs had absorbed only water. As a result, the
concentration of surfactant remaining in the excess solution increased.
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4

4 A SIMPLE APPARATUS FOR EVALUATING THE STRENGTH OF PPG

4.1 INTRODUCTION
PPGs strength is an essential parameter for designing gel treatment for
conformance-improvement operations. Conventionally, there are several different
measurements of gel strength (Sydansk 1990). One such measurement is the elastic
strength which relates to the resistance to physical deformation that a gel will exhibit
while extruding through a restriction in its flow path, such as a restriction in a fracture
flow path.
Another measurement is the yield strength; when this strength is exceeded,
portions of the chemical structure of the gel will break. This gel strength is measured by
placing a gel sample in a large container having a small orifice and then increasing the
pressure in the container until the gel flows through the orifice. The yield strength of a
gel is often much larger than its elastic strength (Sydansk 1990). The method used in this
paper is similar in principal to the measurement of the yield strength.
Researchers have developed several methods to measure bulk gel strength.
Gardner (1983) used rheometer to study the rheology of relatively weak gels and
polymers. Meister (1985) designed a simple gel strength tester with a 30-mesh screen to
quantitatively compare strong bulk gels. Smith (1989) developed a similar screen model
to quantify the gel strength of weak bulk gels using screen packs of 100-mesh size.
Sydansk (1990) proposed bottle-test gel strength codes that can semi-quantitatively
evaluate the gel strength using letter codes, from A for high flowing, to J for rigid,
rubbery gels. Riccardo (1994) proposed measuring the gel strength based on the
maximum diameter of a steel ball that could settle through the gel.
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Another proposed method for quantifying the gel strength of PPGs involves using
a dynamic oscillatory rheometer to measure the elastic or storage modulus (G’) and the
viscous or loss modulus (G”), which represents the PPG’s elastic energy and viscous
energy, respectively. The measurement is performed using parallel plate geometry with a
plate and sensor. The gap between the plate and sensor is selected according to the
particle size. However, the gap height selection significantly impacts the measured gel
strength value. In fields and laboratories, the strength of swollen PPGs has been roughly
evaluated through observation and touch by pressurizing the particles between fingers
(Bai et al. 2007a). Particles with good gel strength should be elastic and deformable, not
breaking easily.
These methods focus mainly on laboratory measurements of the strength of
conventional bulk gel. They tends to be costly, time intensive, difficult to operate, or
inaccurate to some degree to be used with PPGs. Oilfield PPGs applications demand a
simple, fast, effective method for quantifying gel strength on site during a gel treatment
because, in many cases, the design of the PPG treatment can change on the fly based on
the injection pressure response. This requires a fast method by which to evaluate the
PPGs strength so that it can be increased or decreased.
Bai et al. (2007) and Yu-Shu and Bai (2008) introduced the concept of threshold
pressure as a means to quantify the strength of PPG. Because the swollen PPG are
different from other conventional particles in that PPG are deformable, and they can pass
through holes smaller than the particles themselves by deformation (Bai et al. 2007a).
However, the PPG movement requires a threshold pressure gradient, which represents the
minimum pressure gradient to force the PPG to move through a fracture or channel. The
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threshold pressure depends mainly on the ratio of the PPG particle diameter to average
pore/channel size (Bai et al. 2007a).
In this section, a simple apparatus for evaluating the strength of PPGs is
presented. The main advantage of this technique is that it quickly and practically allows
for a quantitative evaluation of the particle gel strength both in a laboratory and on site
during PPGs treatment. The first part of this chapter presents some definitions of terms
used and the experimental apparatus set-up and procedures. The second part summarizes
the experimental results and presents an interpretation and discussion of the experimental
findings. The final part contains a summary of the chapter.
4.2 DEFINITIONS OF TERMS
4.2.1

Threshold Pressure (Pt). PPGs are deformable and their particles can

pass through smaller pore throats size given adequate force to push them through. This
force is equivalent to the Pt which is the minimum pressure required to force the PPGs to
move through the pore throats.
4.2.2

Apparent Viscosity (µapp). PPGs are pseudoplastic materials that exhibit

shear thinning properties. µapp is the measure of a PPG’s resistance to flow while
extruding through a pore throat or a channel. Plotting apparent viscosity as a function of
the shear rate will assist in the validation of this proposed method. In this study, the
apparent viscosity of the PPGs was determined using the following equation:

µ app =

∆p PPG
∆p Brine

(3)

where ∆pPPG is considered to be the stabilized pressure drop across the screen plate
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during PPGs extrusion as a function of the flow rate under different screen plates and
brine salinities. ∆pBrine is the pressure drop across the screen plate when brine is injected
which can be calculated using Darcy’s equation.
4.3 EXPERIMENTAL MATERIALS AND PROCEDURES
4.3.1

PPGs. A commercial superabsorbent polymers (SAP) called

Liqiu40Kcomprised mainly of a potassium salt of cross-linked polyacrylamide
copolymer was used in all experiments.
When dry, these PPGs are white, sugar-like, granular powder. Table 4.1 lists the
typical characteristics of the PPGs used in this study. In aqueous solution, PPGs can
absorb a large amount of water because of its hydrophilicity which allows a hydrogen
bond with the water molecules, although the swelling solution salinity affects its ability to
adsorb water. Fig. 4.1 shows a comparison of dry gel particles and fully swollen particles
in 1.0 wt. % sodium chloride (NaCl). Standard U.S. sieves were used to select 18/20
mesh size (0.85/1.0 mm) of dry PPGs, which were used in all experiments. In the
following subsections, a conventional analysis of the PPGs before the screen model
experiment is presented.

Table 4.1—Characteristics of PPG used in the experiments
Properties
Value
Absorption of De-ionized Water (g/g)

>200

Apparent Bulk Density (g/l)

540

Moisture Content (%)

5

pH Value

5.5-6.0 (+/- 0.5; 1% gel in 0.9% NaCl)
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(a)

(b)

Figure 4.1—Comparison of dry and swollen PPG: (a) Dry granular PPGs with 18/20
mesh size, (b) Fully swollen PPGs in 1.0 wt. % NaCl

4.3.2

Swelling Ratio Evolution. Dry gel particles were immersed in six

different brine salinities for 72 hours. The PPGs then were separated, and the excess
water was blotted from them using wire gauze. As described in chapter 3, the weight
method was used to calculate the SW using Eq. 2.
Fig. 4.2 depicts a plot of the swelling ratio in g/g in the Y-axis and brine salinity
in wt. % NaCl in the X-axis. The higher the brine salinity the lower the SW because of
the diﬀerence in the osmotic pressure between the gel particle’s internal network and the
external brine solution, this osmotic pressure decreased as the ionic strength of the brine
increased. This figure also shows a plot of the gel particle size after swelling as a function
of brine salinity.
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Figure 4.2—Effect of brine salinity on swelling ratio and particle size

4.3.3

G’ measurement. The rheological properties of PPGs usually are

evaluated by dynamic oscillatory measurements using parallel plate geometries with a
plate and a senor. In this experiment, gap heights of 0.5, 1.0, and 1.5 mm were used
between the sensor and the plate on which the PPG samples were placed.
The oscillation time sweep curve model was selected for these measurements; it
represents the elastic modulus logarithmically in Pa as a function of time in seconds. The
frequency was set at 1.00 Hz. For each sample, the G’ reading was taken every 30
seconds for 300 seconds. All experiments were conducted at an ambient temperature of
25 °C. Fig. 4.3 depicts the G’ as a function of the gap height between the rheometer’s
plate and sensor. PPGs swollen in high-salinity brine had smaller particles with stronger
polymer network bonds which resulted in a high G’.
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Figure 4.3—Effect of the gap height on the elastic modulus of swollen PPGs

While useful, this method requires attention to the preparation of the samples for
measurement. The excess solution must be blotted from these samples with care because
if too little water is removed, the particles will move in the excess solution, and the
measured G’ will be too small as a result of interparticle slippage. If too much water is
removed, the PPG will not swell fully. Improper sample preparation leads to
measurement discrepancies between analyses even with the same PPG sample.
4.3.4

Brine Solution. In order to have different PPG strengths available for

evaluating the proposed technique, we used six different brine (NaCl) weight
concentrations (0.05, 0.1, 0.25, 0.5, 1.0, and 5.0 wt. %) and DI water, which yielded
PPGs with various swelling ratios and strength.
4.4 SCREEN MODEL DESCRIPTION
The experimental apparatus, presented in Fig. 4.4, is easy to assemble and use. It
consists of a gas tank and a specially designed piston accumulator. The top cap of the
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accumulator has a hole connected to the pump by tubing and fittings; the bottom cap is a
stainless steel screen plate with multiple holes. We used two sets of screen plates in this
study; their dimensions are presented in Table 4.2. This apparatus was designed to isolate
the PPGs sample from injection fluid (i.e., air or liquid) by piston, so any fluid can be
used to push the piston and force the gel particle to extrude through the screen plate. A
pressure gauge is mounted in the lower part of the accumulator near the screen plate to
record the threshold and extrusion pressure. The accumulator is made of stainless steel
material, so it is easy to clean and will not wear easily.

Figure 4.4—Schematic diagram of the screen plate experimental apparatus
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Table 4.2—Dimension of the screen plates used in the experiments
Screen
plate #
1
2
3
4
5
6

Hole size
(Dpt), mm
1.5
1
0.5
1.5
1
0.5

Screen plate
thickness, mm
7.5
7.5
7.5
7.5
7.5
7.5

Number of holes
per screen plate
122
122
122
40
40
40

Porosity(ϕ),
%
4.98
2.21
0.55
1.66
0.74
0.18

4.5 MODEL EXPERIMENT PROCEDURE
4.5.1

Sample Preparation and Loading. Depending on the brine salinity, 10 to

20 g of dry PPGs was added slowly to the brine solution. The mixture then was stirred for
5 to 10 minutes and left for 24 hours until the PPGs was fully swollen.
500 ml of fully swollen PPGs samples from which excess water has been blotted
was loaded inside the accumulator between the piston and a screen plate by putting first
the piston and then the gel sample inside the container, placing the screen plate on top of
the sample, and tightening the caps. Fig. 4.5 shows the sample loading procedures.
During the experiment, the accumulator was turned upside down in vertical position so
that the screen plate would be on the bottom.
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Figure 4.5—PPGs sample loading procedure

4.5.2

Threshold Pressure Measurement. A nitrogen gas tank was used to

deliver constant pressure to push the PPGs through the screen plate hole. The initial
constant pressure was 34.4 KPa, which then was increased gradually (13.78 KPa at a
time) until the PPGs began to extrude through the screen plate. The pressure gauge
reading at the time of the first PPGs extrusion was considered the threshold pressure.
These procedures were repeated for each combination of screen hole size and brine
salinity; recording the Pt each time.
4.5.3

Apparent Viscosity Determination. A syringe Isco pump was used to

provide a constant flow rate to determine the pressure during PPGs extrusion. The pump
was set to different flow rates (0.1, 0.2, 0.5, 0.75, 1.0, 1.5, 2.0, 2.5, 3.0, 5.0, 7.5, and 10
ml/min), and the stabilized pressure was recorded at the pressure gauge connected to the
bottom of the accumulator at each flow rate.
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The procedure was repeated until the pressure differences were negligible, even
when the injection rate increase was significant. The stabilized pressure was plotted
against the injection flow rate. These procedures were repeated for different combinations
of screen size and brine salinity.
4.6 EXPERIMENTAL RESULTS
4.6.1 Threshold Pressure Evaluation. Several factors can affect the threshold
pressure of PPGs. In this study, we investigated the following factors:
Effect of brine salinity. In this study, PPGs were swollen in brine salinities
ranging from DI water to 5.0 wt. % NaCl. Increasing the brine salinity cause the PPGs
stiffness to increase, making it more difficult for PPGs to pass through the screen hole.
Fig. 4.6 shows a plot of three curves of the threshold pressure of swollen PPGs in
different brine salinities passing through different hole sizes; as shown, the threshold
pressure increased with the brine salinity when the hole size was the same. The threshold
pressure increased rapidly as the brine salinity increased until the salinity was 0.5 wt. %
NaCl, at which point the threshold pressure reached an almost stable value. This indicates
that PPGs is prone to stiffness when the swelling medium has a higher salinity. The
figure also depicts a plot comparing three screen hole sizes. The threshold pressure values
were highest with a small hole size (0.5 mm).
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Figure 4.6—Effect of brine salinity on the threshold pressure of PPGs using three
different screen plate hole sizes

Ratio of hole size (Dpt) to swollen PPG size (Dp). Fig. 4.7 shows the prominent
effect of the ratio of Dpt to Dp on the threshold pressure. . The threshold pressure
significantly increases with brine salinity when the ratio is the same. Note that the
particle prepared by high-salinity brine has higher strength than that prepared by lowsalinity brine. Therefore, the result indicates strong particles need higher pressure to push
them through holes than weak particles.
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Figure 4.7—Effect of the ratio of Dpt to swollen PPGs Dp on threshold pressure

Holes density. The effect of the number of holes (density) per screen plate on the
threshold pressure measurement was investigated. Three additional screen plates were
designed with the same three hole sizes (0.5, 1.0, and 5.0 mm), but with 40 holes per
screen plate. The evaluation of this parameter is important because it relates to the
porosity and permeability of the porous media and can be used as a criterion in PPGs
treatment design. Figs. 4.8a through g present the threshold pressure values using 122
holes per plate compared to the threshold pressure values using 40 holes per plate. All
seven figures show an identical trend, the difference between the threshold pressure
values was moderate for the 1.0 mm and 1.5 mm screen plate. However, a huge
difference existed in the threshold pressure values when using 0.5 mm hole size. For
example, in Fig. 4.8a, the threshold pressure value of PPGs swollen in DI water was 84.1
KPa when the hole density was 122 holes/plate, but that value jumped to 372.3 KPa
given 40 holes/plate.
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4.6.2

Apparent Viscosity Determination. The author sought to examine

whether this apparatus can be used to determine the apparent viscosity of PPGs, which is
an important parameter in evaluating their rheological behavior. To accomplish this task,
we first measured the stabilized extrusion pressure as a function of the flow rate. Fig. 4.9
shows a plot of the effect of the flow rate on the PPGs extrusion pressure through three
different sizes of screen holes. In all three cases, the pressure increased rapidly when the
injection rate was low. However, the pressure plateaued to some extent when the
injection rate exceeded 1.0 ml/min. The stabilized pressure curves were the highest when
the 0.5 mm screen plate was used with a peak of 300 KPa when PPGs were swollen in
5.0 wt. % NaCl. The lowest stabilized pressure curve was recorded when the 1.5 mm
screen plate was used with PPG swollen in DI water.
The apparent viscosity was calculated using Eq. 3. ∆pPPG was considered to be the
value of the stabilized pressure drop as depicted in Fig. 4.9. ∆pBrine was calculated using
Darcy’s equation, where k is calculated using Eq. 4:

k = 20 × 10 6 × d 2 × φ

(4)

where k is the screen plate permeability in darcys, d is the screen hole diameter in
inches, and the porosity is from Table 4-2. The length term in Darcy’s equation is
considered to be the plate thickness, and the area was calculated using the diameter of the
screen plate. The flow rate was taken from the injection flow rates used.
The apparent viscosity was plotted against the shear rate, which was calculated by
converting the flow rate to a superficial velocity and then using Eq. 5 (Zaitoun et al.
2012), which divides it by the diameter of the holes in the screen plates.
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= 8ν

(5)

D

is the shear rate in sec-1, ν is the superficial velocity in mm/sec, and D is

where

the diameter of the holes in the screen plates in mm.
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Figure 4.9—Injection rate, brine salinity, and pore size effect on PPGs extrusion pressure
of swollen PPG
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Fig. 4.10 presents the relationship between the apparent viscosity and shear rates.
It was found that the apparent viscosity values from the experimental results in different
size of the holes follow the same line in a log-log plot when the brine salinity is the same,
indicating that the hole size does not affect the apparent viscosity. It was also found that
the apparent viscosity values decreased as the shear rate increased, indicating that all of
the swollen PPGs samples were shear-thinning materials.
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Figure 4.10—Shear rate effect on µapp as a function of brine salinity and hole size
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Figure 4.10—Shear rate effect on µapp as a function of brine salinity and hole size cont.

The apparent viscosity of non-Newtonian fluids can be expressed using the
power-law model (Bourgoyne, 1991):

µ app = Kγ n −1

(6)

Where K is the flow consistency constant (Pa•sn), and n is the flow behavior
index. These terms, also called the Ostwald-de Waele flow indices, represent the degree
of non-Newtonian behavior of the fluids. Table 4-3 lists the K and n for all PPGs samples
and screen plates tested in this study. Using the fitting equations in the various screen
plates, the rheological behavior of the PPGs in terms of the apparent viscosity can be
evaluated quantitatively, and the performance of swollen PPGs products for reservoir
applications can be compared.
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Table 4.3—Fitting equations for µapp versus γ in screen plates using Eq. 6: µ app = Kγ n −1
Screen plate
hole size

1.5 mm

1.0 mm

0.5 mm

Brine salinity
(%)

Flow consistency
constant (K)

Flow behavior index
(n)

R2

DI water
0.05
0.1
0.25
0.5
1.0
5.0
DI water
0.05
0.1
0.25
0.5
1.0
5.0
DI water
0.05
0.1
0.25
0.5
1.0
5.0

1.74×106
4.66×106
6.05×106
6.44×106
7.01×106
7.52×106
7.43×106
1.57×106
3.79×106
4.94×106
7.12×106
7.66×106
8.15×106
8.91×106
1.67×106
2.46×106
2.57×106
3.54×106
5.55×106
8.30×106
9.98×106

0.366
0.674
0.683
0.678
0.731
0.762
0.74
0.592
0.746
0.748
0.797
0.812
0.809
0.821
0.700
0.759
0.713
0.722
0.757
0.763
0.731

0.766
0.986
0.992
0.992
0.997
0.996
0.996
0.992
0.996
0.998
0.998
0.999
0.998
0.998
0.988
0.998
0.996
0.999
0.991
0.992
0.978

Injectivity versus Flow Rate. Injectivity, defined as the flow rate divided by the
pressure, is an important measure of the difficulty of injecting a gel, with higher
injectivity indicating easier PPGs injection. Fig. 4.11 depicts a plot of the injectivity
versus the flow rate as a function of brine salinity and screen holes. The injectivity
decreased with brine salinity, meaning that PPGs swollen in lower brine salinity were
easier to inject into a screen than those prepared with higher brine salinity. Because PPGs
swollen in low-salinity brine is larger than that swollen in high-salinity brine, the
deformability of the swollen gel particles has a more significant influence on gel
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injectivity than does the particle size. PPGs injectivity depends highly on the flow rate,
with which it increases linearly, as shown in Fig. 4.11.
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Figure 4.11—Injectivity versus flow rate as a function of brine salinity and hole size

61
This relationship varies drastically from water injection in that water injectivity
does not change with the flow rate. Water injection and particle gel injection differ
because water is a Newtonian fluid, while swollen PPGs are pseudoplastic materials.
Particle gel injectivity increases with larger screen pore sizes.
Correlation of PPGs Threshold Pressure and Elastic Modulus. To validate the
results, the threshold pressure was plotted against the elastic modulus values. Fig. 4.12
shows the relationship between the threshold pressure and the elastic modulus of swollen

0.5 mm Pt = 149.91G' + 43609
1.0 mm Pt = 118.37G' + 35817

R² = 0.9925

1.5 mm Pt= 74.726G' + 21389
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Figure 4.12—Correlation of threshold pressure to elastic modulus for PPGs swollen in 0 to 5.0
wt. % NaCI solutions at different hole sizes and gap heights: (a) correlation for 122 holes per
screen plate, (b) correlation for 40 holes per screen plate
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A linear relationship between threshold pressure and elastic modulus was plotted
for the PPGs swollen in media having different salinities. Eq. 7 can be used to quantify
the elastic modulus when the threshold pressure is measured using this proposed method.

Pt = K × G ' + C

(7)

where Pt is the threshold pressure in Pa, K and C are constants that are dependent on the
brine salinity, hole size and density per screen plate, and G’ is the elastic modulus in Pa.
Table 4.4 summarizes the values of K and C taken from fitting Eq. 7 in Fig. 4.12a
and b. The constants K and C are a function of the variables affecting the threshold
pressure. More research is needed to clarify the nature of these constants.

'
Table 4.4— Fitting equations for Pt to the G` of PPG, using Eq. 7: Pt = K × G + C

Screen
plate #

Number of holes
per screen plate

Hole size
(Dpt), mm

Constant K

Constant C

R2

1
2
3
4
5
6

122
122
122
40
40
40

1.5
1
0.5
1.5
1
0.5

74.726
118.37
149.91
0.059
195.87
563.66

21389
35817
43609
1047.1
48669
244201

0.9914
0.9925
0.9921
0.9531
0.8581
0.9168

4.7 SUMMARY
The results of these experiments indicate that this simplified experimental
apparatus can be used to quantitatively determine two major parameters, the Pt and µapp,
which are important in the characterization of gel particle transport through porous
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media. The Pt correlates very well with the gel strength so it can be used to determine
how easily a gel particle will begin to move into a constriction. However, Pt depends on
the holes density per screen plate so the hole density of a plate should not be changed
when comparing different particles.
The µapp correlates very well with the shear rate but is not affected by the hole
density; therefore, this parameter can be used to characterize the ability of gel particles to
propagate through constriction. In addition, the size and shape of PPGs before and after
they pass through restrictions can be observed visually to qualitatively determine the
rigidity or deformability of the particle sample.
For example, Fig. 4.13 shows pictures of particles swollen in 1.0 wt. % NaCl
before and after their extrusion through a screen plate with hole size of 1.0 mm. Clearly,
the particles were broken down into smaller sizes after passing through the constriction,
indicating that they break down easily and are not very deformable.

(a)

(b)

Figure 4.13—Comparison of PPG sizes before and after extrusion: (a) PPGs, swollen in
1.0 wt. % NaCl, before extrusion, (b) PPG after extrusion though 1.0 mm screen plate
holes
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5

FORCED IMBIBITION THROUGH THE COMBINATION OF PPG AND
SURFACTANT TREATMENTS
The objective of this section is test to what extend the novel EOR method can

improve oil recovery and oil production rate, and identify where and how the novel
technology can be best used. A series of core flooding experiments were carried out on
the carbonate and sandstone cores using open fractures model.
5.1 PPG-ENHANCED SURFACTANT IMBIBITION FOR EOR IN FRACTURED
CARBONATE RESERVOIRS
5.1.1

Introduction. Fractured carbonate reservoirs are very heterogeneous

because their matrix permeability exhibits several orders of magnitude lower than their
fractures permeability. The wettability of carbonate reservoirs often ranges from
intermediate-wet to oil–wet (Treiber et al. 1972; Chilingar and Yen 1983). They exhibit
very limited recovery during primary and secondary production because most of the
injected fluids preferentially go through fracture openings leaving behind a sizable
amount of oil in the matrix. Designing a process to recover the matrix oil at an economic
rate often turns out to be a real challenge for such reservoirs (Bourbiaux, 2009).
Surfactants are proposed as wettability altering agents for oil-wet fractured
reservoirs by many researchers (Milter and Austad, 1997; Standnes and Austad, 2003;
Seethepalli et al. 2004; Hirasaki and zhang, 2004; Li et al. 2011; Shariatpanahi et al.
2010). In fractured carbonate reservoirs the recovery mechanism is based on spontaneous
imbibition or buoyancy displacement of oil by the surfactant from the matrix. However,
in order for the surfactant to imbibe and change the wettability of the matrix and
subsequently recover oil, it must first diffuse into the matrix porous media. The main
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problem in the fractured carbonate reservoirs is the poor volumetric EV which limits the
amount of the surfactant that comes in contact with the oil-wet matrix.
PPGs could offer an external force by providing a high injection pressure gradient
which will force driving surfactant as a filtrate into the oil-wet matrix. If successfully
designed, PPG can partially plug the fractures and provide enough pressure to divert the
displacing fluid (water, surfactant or CO2) into the oil-wet matrix of the fractured
reservoir.
In this section a laboratory experiments that evaluate the efficiency of coupling
PPG and surfactant as one EOR process is presented. A series of coreflood experiments
were conducted to test where and how the coupled method could best be applied using
transparent fracture model with low-permeability Indiana limestone rocks. In these
experiments, the surfactant and PPGs were injected into fractured cores together and
separate. The results indicated that the PPGs significantly reduced the fracture
permeability without penetrating into the matrix or forming non-permeable filter cakes on
the matrix surface. The surfactant was forced to filter into the core matrix which
significantly improved the oil production rate. Amott cell imbibition tests were used to
screen the most effective surfactant for imbibition.
5.1.2

Mechanisms of the Proposed Method. When PPGs and surfactant are

integrated together as an EOR process, the PPGs will preferentially enter fractures to
reduce their permeability, while the surfactant solution is squeezed into non-swept
matrices to alter their wettability. PPGs treatment alone can only improve the EV, while
surfactant can only improve the ED. Together, however, they can significantly reduce
water production and improve both the ED and EV, thus yielding a more cost-effective
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EOR method. Fig 5.1 and 5.2 show schematics of the two proposed EOR techniques. The
injection process of this combined technique can be applied in two different ways:
Surfactant and PPGs are injected as one mixture. The gel particles will swell in
the surfactant solution. In previous study by Wu et al. (2011) they found that the PPG that
swell in surfactant become weaker as they move deeper inside the fracture, however, the
PPG will regain strength once the surfactant filtrates and imbibes into the matrix. The
PPG dehydrate because of the pressure gradient force applied on them. The PPG will reswell the formation water inside the fracture and form a stronger gel pack.
PPGs are injected first to fully or partially plug the fracture then surfactant will be
flooded. The PPGs have been used successfully to partially plug the fracture opening;
they will improve the EV and prevent the surfactant early breakthrough. The surfactant
will be diverted to contact the unswept matrix. A slug of water will follow to sweep the
wettability altered matrix and push the oil to the producer.

Injector

PPG and surfactant
Mixture

Producer

Low permeability
(Oil-wet matrix)

High permeability
(Fracture)

Figure 5.1—Schematic rendering the proposed mechanism: (1) Surfactant and PPGs are
injected as a one mixture

67

Injector

PPG

Producer

surfactant

Low permeability
(Oil-wet matrix)

High permeability
(Fracture)

Figure 5.2— Schematic rendering the proposed mechanism: (2) PPGs are injected first
to plug the fracture then surfactant will be flooded

5.1.3

Experimental Approach and Procedures. The following section

presents the materials used in the experiments and shows the synthesizing procedures of
PPGs, also, it presents producers of the core flooding experiments.
Materials. The following materials have been used throughout this section:
•

PPGs. The polymer used to prepare the PPGs was monomer acrylamide (98.5%)

and cross-linker methylene-bis-acrylamide (MBAA, 97%). Ammonium sulfite was used
as initiator for polymer gel synthesis; also 1.0 wt. % of nano-particles bentonite was
added. (Muhammed et al. 2012)
•

Surfactant. Three commercial wettability alteration surfactants were used for the

Amott cell imbibition experiment at different concentration. Table 5.1 summarized their
properties.
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Table 5.1—Commercial and Chemical Name for the Surfactants Investigated
Surfactant Name

Chemical Description
Linear C12-C15 primary alcohol with 7 moles
of EO
Linear C12-C15 primary alcohol with 12
moles of EO
Benzensulfonic acid, C10-C16 alkyl
derivatives

Tomadol® 25-12
Tomadol® 45-13
ARQUAD® T-50

•

HLB

Type

12.3

Nonionic

14.4

Nonionic

Acid

Cationic

Brine. 1.0 wt. % of NaCl was used for brine flooding and to prepare swollen

PPGs and surfactant solution.
•

Crude Oil. A heavy crude oil from Allen County Kansas oilfield with a viscosity

of 650 cp and API gravity of 19.9 API° at 77 ºF (25 °C) was used in this study. Fig. 5.3
shows the properties of the oil. The oil was diluted with n-Decane using a ratio of 1:1.
The mixture viscosity and density were 10 cp and 6.35 lb/gal (0.761 g/cm3) respectively.
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Figure 5.3—Heavy crude oil properties in Allen County Kansas
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•

Carbonate rock. Indiana limestone was obtained in the form of 2.5×9×24 inch

block, the rock primarily formed of calcium carbonate. The average porosity of cores
ranged from 18-19 %, whereas the permeability of brine and air were 50 md and 125 md
respectively. Eight core slabs were prepared for the core flooding tests, the dimensions of
the core slabs are summarized in Table 5.2. In this work, all cores and slabs were
saturated initially with 100% oil.

536
501
518
492
417
395
405
408

0.86
0.80
0.83
0.79
0.67
0.80
0.82
0.84

14.24
12.88
13.67
12.64 18-19
10.67
10.47
11.14
11.70

Permeabil
ity, mD

1.93
1.88
1.90
1.87
1.85
1.53
1.58
1.62

Porosity,
%

8.6
8.6
8.6
8.6
8.6
8.6
8.6
8.6

Vb (in3)

Thickness
, inch

507
472
489
465
394
373
381
388

Width,
inch

1
2
3
4
5
6
7
8

Length,
inch

Core slab
No.
Dry
Weight,
gram
Oil
saturation
weight,
gram

Table 5.2—Limestone slabs properties

50

Synthesis of the PPG. 0.33 lb. (150 g) of acrylamide was added to 1.09 lb.
(498.7g) of DI water with the nano-particles bentonite concentration at 1.0%. The
solution was purged with nitrogen gas for 40 minutes and stirred until the entire solid was
dissolved. 0.00143 lb. (0.650 g) of methylene-bis-acrylamide (MBAA) was added to the
solution for complete dissolution upon stirring. 0.00143 lb. (0.650 g) of (NH4)2S2O8 was
then added with stirring to the solution prepared above. The mixture solution was placed
in an oven at 140 ºF (60 °C) for 14 hours for the complete polymerization process after
0.044 lb. (20 g) of Na2CO3 were added. A strong bulk gel was formed and then
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hydrolyzed at 176 ºF (80 °C) for another 8 hours to form the negatively charged
carboxylate anions in the network due to the presence of Na2CO3. The formed gel was
then purified by soaking in a large amount of DI water for one week and followed by
drying at 140 ºF (60 °C) for 4 days to yield 1.53 lb. (695.64 g) of dry gel. The dry gel was
ground to form PPGs of a mesh size of 20/30 which were used in all experiments.
Wettability alteration. The limestone slabs were dried and vacuumed. Then their
wettability was altered to oil-wet by treatment with toluene and silane using the following
procedures:
• The slabs were soaked in an acid base to clean them for 12 hours. They were then
washed using DI water and then left in the DI water bath at ambient temperature for 12
hours.
• The slabs were dried in an oven at 125 °C (257 °F) for 12 hours.
• They were vacuumed and placed in a container and toluene was added to cover them.
A silanization agent, 2.0 wt. % of Octadecyl Dimethyl-dimethoxy-silane, was added.
• Extraction process similar that used by the US Bureau of Mines (USBM) was used to
ensure that the solution saturates into all connected pores in the cores.
• The limestone slabs were rinsed using toluene.
• The slabs were dried at 257 °F (125 °C) for 24 hours. Then, they were vacuumed and
fully saturated with oil after the porosity, permeability, and pore volume were
determined.
Amott Cell Imbibition Test. Spontaneous imbibition tests were conducted in
standard Amott cells, Fig 5.4a, to evaluate and screen different surfactants for wettability
alteration and oil recovery from the oil-wet limestone cores plugs. The test was
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conducted at 25 °C (77 °F). Experiments were performed by use of eleven limestone core
plugs with a diameter of 1.0 inch (25.4 mm) and average length of 2.0 inch (50.8 mm).
The cores were fully saturated with oil and placed vertically in the Amott cells which
contained different surfactants solutions with concentrations of 0.01, 0.1 and 1.0 wt. %
prepared in 1.0 wt. % NaCl brine. One cell with only brine was used as blank test.
The induction time was recorded, and the cores were left in the cells until the
spontaneous imbibition seized. At this point, the cores were weighed and oil recovery
was calculated using material balance equations. Standard amott test producers were
followed during the tests. Fig 5.4b shows a comparison between a core plug immersed in
a 1.0 wt. % ARQUAD® T-50 (right side) and a core plug immersed in brine solution
(Left side). It is clear that the one on the right side recovered more oil after one week of
spontaneous imbibition.

(a)
(b)
Figure 5.4— Limestone core plugs in Amott cells: (a) 11 core plugs immersed in
different surfactant solutions, (b) a comparison between a core plug immersed in a 1.0 wt.
% Tomadol® 25-12 (right side) and core plug immersed inside brine solution (Left side).
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Fractured Core Flood Apparatus Design. Fig. 5.5 and Fig. 5.6 show the
schematics of the model used in the experiments. The model is constructed of two acrylic
plates with a rubber O-ring between them. Bolts and nuts are used to fix the two plates and
shims to control the fracture width.

Figure 5.5—Schematic diagram of the experiment apparatus

Figure 5.6—Schematic diagram of the semi-transparent model
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A long square pocket (2.0 inches wide, 9.0 inches long and 1.0 inch deep) was
drilled in the center of one of the acrylic plates; a limestone slab was fixed into this
pocket using epoxy. The model is transparent on one side to make the movement of the
PPGs and surfactant visible. Four equally spaced holes were drilled in the plate on the
fracture side for pressure recording and injection/discharge.
A pressure transducer was mounted in each of the first three holes to monitor the
pressure change in the fracture during the experiments (as seen in Fig 5.6). On the other
plate, one hole was drilled to serve as an outlet to discharge fluid from the matrix. The
effluent from the fracture and matrix (for open fracture mode) and from the matrix alone
(for close fracture mode) were recorded separately to calculate the oil recovery factor. Fig
5.5 shows the schematic diagram of the semi-transparent model. Fracture width of 0.0393
inch (1.0 mm) was used in the experiment.
Experiments Procedure. The core flood experiments are comprised of two folds:
(1) Open fracture segment where the fracture outlet is opened; (2) Close fracture segment
where the fracture outlet is closed. 1.0 wt. % ARQUAD® T-50 was selected as the
surfactant in all these experiments because it gave the highest oil recovery during the
imbibition test. In both experiment segments we followed the following protocol:
•

Initial water preflush. In both sets of experiments, brine (1.0 wt. % NaCl) was

injected into the fracture inlet to simulate secondary recovery conditions. The brine was
left in the fracture for 24 hours by closing both the inlet and outlet of the fracture. During
this time, we did not observe any spontaneous imbibition of the brine into the matrix,
thereby verifying that the rock matrix is strongly oil-wet. For consistency reasons, 2.0
ml/min flow rate was used in all the experiments.
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•

PPGs treatment. Two sets of experiments were conducted to examine the PPGs

treatment process and its ability to improve oil recovery and reduce water production. In
the first treatment, the PPGs were swollen in the brine solution. The swollen PPGs were
injected into the fracture, followed by surfactant injection. In the second treatment
mechanism, PPGs were swollen in an aqueous solution of the surfactant. Then, the
mixture of PPGs and surfactant was injected, followed by a slug of brine.
•

Surfactant flood. In the first set of experiments, the PPGs were swollen in brine

solution. After placing these swollen PPGs, surfactant was injected to investigate the
ability of surfactant to filter into and release the oil from the matrix by changing or
modifying the wettability of the matrix rock. In the other set of experiments, the
surfactant was used as the swelling media for PPGs and thus mixture of surfactant and
PPG was injected into the fracture model at the same time.
•

Final water chase. A final batch of brine was injected into the model to test the

PPG plugging efficiency and to push the surfactant further inside the matrix and displace
the movable oil.
The following procedures have been used during the experiments:
1) An oil-wet limestone slab was vacuumed for 6 hours to purge all of the air inside
it, the core then was saturated with a mixture of heavy oil and n-Decane and aged for 48
hours in an oven at 90 °C (194 °F).
2) The slab was placed inside the fracture model and was made ready for the
experiment.
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3) Brine was injected through the inlet of the fracture to simulate a water-flooding
process. The recovery factor (RF) was measured from the outlets of both the fracture and
the matrix separately. Brine injection was stopped when the water cut reached 100%.
4) PPGs, swollen in the brine solution, were extruded into the fracture. The
propagation of the PPGs through the fracture was monitored. The RF was recorded from
the fracture and matrix outlets, separately.
5) Surfactant solution was injected through the fracture inlet. The RF was recorded
during the injection process.
6) The effluent from the fracture and matrix outlets was monitored.
7) In the second set of experiments, PPGs were swollen in the surfactant, and the
mixture of PPGs and surfactant was injected into the fracture model).
8) The same procedures were repeated in close fracture mode, where the fracture
outlet was closed.
Note: The term pore volume (PV) will be used in this paper refer to the total PV of the
fracture model which is the matrix PV and fracture PV.
5.1.4

Results and Interpretations. The main finding of these experiments are

summarized below with thorough interpretation.
5.1.4.1 Spontaneous imbibition test. The cumulative oil recovery curves for
the surfactants we tested are shown in Fig. 5.7. Among the nine surfactant concentrations,
the recovery rates were almost the same in the first two days. This indicates that early oil
recovery is governed by imbibition of water near the surface of limestone cores. All
Tomadol® surfactants recovered limited amounts of oil from the limestone core; however,
the recovery was still higher than the brine recovery. 1.0 wt % ARQUAD® T-50 has the
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highest oil recovery rate with 10.3 % OIP recovered after 40 days. 0.1 wt. % ARQUAD®
T-50 shows the second highest oil recovery with 6.9 % OIP.

Figure 5.7—Spontaneous imbibition test results

5.1.4.2 Open fracture model—PPG followed by surfactant flood. Core slab
number 1 was used in this experiment, the slab has a total PV of 50.21 ml and the oil in
place (OIP) inside the matrix was 38.5 ml. Fig 5.8 shows the injection pressure profile
during the experiment. The pressure was acquired from the pressure transducers mounted
in the fracture side of the model. The plot indicates that there was no pressure build-up
and the resistance to the water flow was insignificant during initial water preflush, where
2.19 PV was injected, because the water channeled directly to the fracture outlet through
the open fracture. However, some water penetrated into the matrix and caused some oil
recovery.
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In the second segment (PPG injection into the fracture) the injection pressure
began to increase. The pressure peaked at 395 psi (2.72 MPa) after injecting 1.8 PV of
the PPG. In the third segment, 1.5 PV of surfactant was injected after PPG were placed in
the fracture. The injection pressure started dropping suddenly because the surfactant
created small channels in the packed PPG. The pressure stabilized during the final 1.85
PV batch of brine chase
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Figure 5.8—Injection pressure profile in open fracture model—PPG followed by
surfactant flood

Fig 5-.9 plots the oil recovery factor for open fracture model—PPG followed by
surfactant flood. During the initial water preflush, small amount of water penetrated into
the matrix and recovered 11.4 % of the OIP; we believe this happened because the
fracture width was small 0.0393 inch (1.0 mm) which assisted in diverting some water
into the matrix. During PPGs injection segment, the oil recovery from the matrix
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continued to increase rapidly, after 1.8 PV of PPGs treatments the RF reached 27.8 % of
the OIP.
It is worth mentioning that the mechanism of oil recovery during PPGs treatment
is attributed to the forced imbibition of the water in the fracture and the water inside the
PPG. The PPGs did not form a non-permeable filter cake on the fracture surface, which
allowed water to penetrate into the matrix. During PPGs injection, the build-up pressure
caused by PPGs packing inside the fracture will increase the fluid flow resistance in the
fracture, which can result in a more significant pressure drop from the fracture surface to
the matrix outlet. Therefore, the water inside the PPGs was forced to diffuse into the
matrix.
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Figure 5.9—Oil recovery factor in open fracture model—PPGs followed by surfactant
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During the surfactant injection segment, more oil continued to be produced but
with slow pace because the pressure started to decline. Another 5.5 % of the OIP was
produced. During the final water chase segment 6.8 % of the OIP was produced. The
final RF was 40.8 % which was encouraging results considering the oil-wet nature of the
matrix and the fact that the fracture was opened.
5.1.4.3 Open fracture model—PPG and surfactant mixture. Core slab
number 2 was used in this experiment. The slab has a total PV of 48.43 ml and the OIP
inside the matrix was 36.5 ml. Fig 5.10 shows the injection pressure profile during this
experiment, in which PPG and surfactant were injected as one mixture. As the plot
indicates, during the initial water flooding, the pressure profile was similar to that in the
first set of experiments (Fig 5.8) where insignificant pressure build-up was recorded.
After injecting a total of 2.19 PV of brine, we recorded some oil from the matrix outlet,
but most of the water flowed directly through the path of least resistance (fracture). The
injection was stopped when the water cut reached 100% and we switched to PPGs
treatment. While injecting the mixture of PPGs and surfactant, the pressure was a little bit
lower than that of the first experiment. The maximum pressure was approximately 365
psi (2.51 MPa) at the first pressure transducer. PPGs broke through from the fracture
outlet when 1.18 PV PPGs was injected.
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Figure 5.10—Injection pressure profile at different stages of the fracture model during
treatment with PPGs swollen in surfactant in open fracture model

Fig 5.11 plots the oil recovery factor during this experiment. Similar to the first
set of experiments, during the initial water flooding, there was some effluent from the
matrix outlet with oil recovery of 11.4 % of the OIP. When the PPGs and surfactant
mixture was injected, the swollen PPG propagated through the fracture until reaching the
outlet, and the effluent was found from the matrix outlet after 0.31 PV was injected.
Approximately 13.7 % of the oil was recovered during the second water flood. The
maximum oil recovery was 44.7 % of the OIP, which was higher than that in the first set
of experiments (40.8 %). This was attributed to the surfactant that was forced to filter into
the matrix rock, which could alter its wettability from oil to water or mixed-wet.
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Figure 5.11—Oil recovery during treatment with PPGs swollen in surfactant in open
fracture model

5.1.4.4 Close fracture model—PPG and surfactant mixture. Core slab number
3 was used in this experiment, the slab a total PV of 50.72 ml and the OIP inside the
matrix was 37 ml. Fig 5.12 shows the injection pressure profile of the experiment of PPG
and surfactant mixture. The plot indicates that there was very low injection pressure, 8 psi
(0.81 MPa), at the first transducer during the initial water flooding. In the second
segment, during the PPG and surfactant mixture injection, the injection pressure began to
increase during the first PV and peaked at 322 psi (32.6 MPa). In the third segment, 2.36
ml PV of brine was injected, the pressure started dropping gradually after a very short
period time because the brine started creating a channel in the PPG pack. The pressure
was stable at 78 psi (7.90 MPa) at the end of this segment.
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Figure 5.12— Injection pressure profile at different stages of the fracture model during
treatment with PPG and surfactant mixture in close fracture model

Fig 5.13 plots the RF for this experiment collected from the matrix outlet. During
the initial water flooding, there was some oil recovery, 12 % OIP, from the matrix outlet
because some of the water was directed to the matrix. During PPG-surfactant mixture
injection, the oil recovery from the matrix continued to increase to around 6 % OIP.
During the second brine flooding segment 18 % OIP was produced to yield a total
recovery of 36 % OIP.
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Figure 5.13—Oil recovery during treatment with PPG and surfactant mixture in close
fracture model

Close fracture model—PPGs followed by surfactant flood. Slab number 4 was
used in this experiment, the slab has a total PV of 47.78 ml and the OIP inside the matrix
was 34.1 ml. Fig 5.14 shows the injection pressure profile during the experiments. The
pressure was stabilized as 5.0 psi (0.81 MPa) in the first segment. In the second segment,
when PPG was injected into the fracture, the injection pressure began to increase, the
pressure peaked at 314 psi (31.8 MPa) after injecting 1.06 PV of the PPG. In the third
segment, 1.95 ml PV of surfactant was injected after PPGs was placed in the fracture; the
injection pressure started dropping after a very short period of time because the surfactant
created small channels in the packed PPG. The pressure stabilized during the final 0.15
ml PV batch of water flood at 66 psi (6.68 MPa).

84

350
300

Injection pressure, psi

1st water flooding
PPG swollen in brine
Surfactant Flooding
2nd water flooding

Presuure tap 1
Pressure tap 2
Pressure tap 3
Pressure tap 4

250
200
150
100
50
0
0

1

2

3

4

5

6

7

8

Total PV, ml

Figure 5.14—Injection pressure profile at different stages of the fracture model during
treatment with PPGs followed by surfactant flood in close fracture model

Fig 5.15 plots the oil recovery factor for this set of experiments. During the initial
water flooding a small amount of water penetrated into the matrix and recovered 12 % of
the OIP. During PPG injection segment, the oil recovery from the matrix continued to
increase rapidly, after 1.8 PV of PPGs treatments the RF reached 19.4 % of the OIP.
During the surfactant injection segment, oil continued to recover but at a slow pace
because the pressure started to drop. Another 9.1 % of the OIP was produced. 2.9 % of
the OIP was produced during the second water flooding segment. The total oil recovery
was 32.6 %
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Figure 5.15—Oil recovery during treatment with PPG followed by surfactant flood in close
fracture model

5.1.5

Discussion. This section presents some observations found during this

work that could shed some light on selecting the best design for this proposed technique.
The semi-transparent model allows viewing the PPGs propagation through the fracture
and water and/or surfactant penetration through the PPGs pack. Previous work by Hao
and Bai (2011) illustrated PPGs propagation through a fracture and brine movement
through a gel pack. They reported that the PPGs moved like a piston inside the fracture,
and gravity did not have a significant effect. This behavior was confirmed by these
experiments.
Figs 5.16 and 5.17 show the surface of the limestone slab before, during, and after
PPG swollen in surfactant solution propagated through the open fracture. Most of the
particles remained on that slab surface and were not washed out of the fracture by brine
flooding. They did not adhere to the surface of the limestone slab, and after opening the
fracture model, they were easily removed. This indicates that the PPGs did not penetrate
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inside the matrix’s porous media, nor did it form a low permeable or non-permeable filter
cake which is different from in-situ gels systems which form a non-permeable cake on
the fracture surface during gel injection (Seright, 2002). The surfactant combined with
PPG can be forced to squeeze into the unswept zones/areas to modify their wettability for
better recovery.

(a). Before PPG treatment

(b). During PPG treatment

(c). After PPG treatment

Figure 5.16—Areal view of the limestone surface before, during, and after PPG treatment
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It was also found that the PPGs went through a dehydration process inside the
fracture. The deeper the PPGs went through the fracture the smaller they became. PPGs
strength before and after their placement in the fracture were compared by measuring the
G’ of. It was found that G’ increased from 2.45 KPa before the PPG propagation to 3.5
KPa for the PPGs found in the first half of the fracture and 5.0 KPa for the PPGs found in
the end of the fracture. This indicates that the deeper the PPG penetrates the stronger the
gel particle became.

Figure 5.17—PPGs form removable pack on the surface of the matrix. The gel particle
got small when they went deeper inside the fracture because of the dehydration process
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5.2 PPG-ENHANCED SURFACTANT FLOODING FOR IMPROVING HEAVY
OIL RECOVERY IN SANDSTONE RESERVOIRS
5.2.1

Introduction. The ultimate recovery of heavy oil from heterogeneous

sandstone reservoirs in the Mid-Continent Region U.S. is affected by facies-type, smallscale, sedimentary structures; bedding boundaries; intergranular, small-scale permeability
barriers; and diagenetic changes (internal architecture) commonly identified as
"heterogeneities" within the sandstone body (Olsen and Johnson, 1993).
These heterogeneous bodies restrict the recovery of oil from hydrocarbon-rich
matrices because the flooded water or chemicals will bypass these matrices and travel
along the easier paths towards the producer well. Over the years several EOR projects
has been implemented in the area with nominal or no succeed. The main reason for most
of these unsuccessful EOR projects is conformance problems which prevent the
displacement fluids from contacting the oil in the reservoir.
Surfactant reduces residual oil in the swept area and improves the ED by reducing
the capillary and IFT between oil and water. It also can create emulsion with heavy oil
which will help reducing the viscous fingering problems. The major challenge with
surfactant injection is that the surfactant primarily enters fractures or super-permeable
zones/streaks, which will cause it to break through early or have little opportunity to enter
low-permeability matrix to contact the large amount of oil remaining there.
To mitigate these problems a combined method of PPGs treatment and surfactant
flooding is presented. This mechanism targets mature oilfields that have natural or
induced fractures that hinder oil production,
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Laboratory experiments were run to test whether the coupled method could be
used in injection wells. The following subsections will describe the model, presented the
results, and summarize the findings.
5.2.2

Experimental Materials. The following materials have been used in this

experiment.
•

Brine: 1.0 wt. % NaCl was used for flooding and to prepare swollen PPG.

•

PPG: Commercial PPGs, Cerogel® PPG-746, was used for the experiments. The

dry PPGs samples had a mesh size of 60 to 70.
•

Surfactant: Nonionic surfactant Igepal® CO-530 was selected for this study. R.

Hunky (2011) reported that it gave a very stable emulsion with heavy oil.
•

Oil: Heavy oil from Allen County KS was used in this study. The oil has a

viscosity of 634 cp and API gravity of 19.9° at 25 °C. It was diluted with n-Decane to
give a viscosity of 165 cp which was easier for core saturation.
•

Sandstone slabs: Berea sandstone cores with an average porosity of 21.8 % and a

permeability of 154 mD were used for the experiments. Fig 5.18 shows a picture of the
sandstone slabs. Table 5.3 summarizes the parameters of 10 core slabs.

Sample
#
Length
(cm)
Width
(cm)

Table 5.3—Properties of the Berea sandstone slabs

1
2
3
4
5
6

22.6
22.6
22.4
22.4
22.4
22.5

4.74
4.81
4.74
4.75
4.80
4.6

Bulk
Pore
Dry
Thickness
Porosity Permeability
volume volume weight
(cm)
(%)
(md)
(cc)
(cc)
(gram)
2.13
2.11
2.09
2.12
2.10
2.1

228.3
228.6
222.1
225.9
226.1
229.3

49.76
49.83
48.41
49.25
49.30
49.98

478.08
467.69
452.79
467.91
480.18
469.66

21.8

154
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Figure 5.18—Sandstone slabs prepared for the experiments

The sandstone slabs were treated with toluene and silane to change their
wettability from water to oil wet using the same procedures described in the previous
section. Fig. 5.19 shows the salinization apparatus used for sandstone wettability
alteration process.

Figure 5.19—Apparatus for the saline extraction process
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Experiment Apparatus Design. Figs. 5.20 and 5.21 show schematics of the model
used in the experiments. The model is constructed of two acrylic plates with a rubber Oring between them. Bolts and nuts are used to fix the two plates and shims to control the
fracture width. A long square pocket (2.0 inches wide, 9.0 inches long, and 1.0 inch deep)
was drilled in the center of one side of one of the acrylic plates; a piece of Berea
sandstone core was fixed into this pocket using epoxy. The model is transparent on one
side to make the movement of the PPG and surfactant clearly visible. In the plate on the
fracture side, four equally spaced holes were drilled for pressure recording and
injection/discharge.
A pressure sensors was mounted each of the first three holes to acquire the
pressure change during the experiments, as seen in Fig 5.22. On the other plate, one hole
was drilled to serve as an outlet to discharge fluid. The effluent from the fracture and
matrix (for open fracture mode) and from the matrix alone (for closed fracture mode)
were recorded separately to calculate the oil recovery factor and water cut.
In this study a fracture model that has a dual-porosity system was used. Its
primary porosity ϕm (matrix porosity) was 21.3 %, and its secondary porosity ϕf
(fracture porosity) was 4%. The fracture porosity (ϕf) was calculated using the following
formula:

φf =

FractureVolume VF
=
TotalVolume
VT

(8)

The matrix porosity (ϕm) also was different from the core porosity ϕcore that we
measured:

φm = φcore (1 − φ f )

(9)
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Figure 5.20—Schematic diagram of the semi-fractured model

Figure 5.21—Schematic diagram of the semi-transparent model
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Figure 5.22—Picture of the semi-transparent fracture model

Open Fracture Experiments Procedure. The experiments were separated into four
segments as follows:
•

Initial water flooding. Brine (1.0 wt. % NaCl) was injected into the fracture inlet

to simulate secondary recovery conditions and detect any oil production from the matrix
outlet. The brine immediately flowed from the inlet to the outlet of the fracture with
almost no resistance. This behavior recovered no oil, and the water cut from the fracture
outlet was 100%. The brine was left in the fracture for 24 hours by closing both the inlet
and outlet of the fracture; during this time, we saw no spontaneous imbibition of the brine
into the matrix rock, thereby verifying that the rock matrix is strongly oil-wet.
•

PPG treatment. Two sets of experiments were conducted to examine the PPGs

treatment process and its ability to improve oil recovery and reduce water production. In
the first treatment, the PPGs were swollen in 1.0 wt. % NaCl aqueous solution. The
swollen PPG was injected through the fracture, followed by surfactant (1.0 wt. % Igepal®
CO-530) injection. In the second treatment, PPGs were swollen in an aqueous solution of
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surfactant (1.0 wt. % Igepal® CO-530). Then, the mixture of PPGs and surfactant was
injected, followed by brine injection.
•

Surfactant treatment. In the first set of experiments, the PPG was swollen in an

aqueous solution of 1.0 wt. % NaCl. After placing this swollen PPG, 1.0 wt. % of Igepal®
CO-530 surfactant was injected using the same flow rate (2.0 ml/min) to investigate the
ability of surfactant to filter into and release the oil from the matrix by changing or
modifying the wettability of the matrix rock. In the other set of experiments, the
surfactant was utilized as the swelling media for PPGs swelling and thus was injected
into the model at the same time as the PPGs.
•

Final brine flooding. A final batch of brine was injected into the model to test the

PPGs plugging efficiency and to recover any additional oil that might not have been
recovered during the previous treatments. The same flow rate (2.0 ml/min) was used in
all of the core-flooding stages.
The following procedures have been used during all the experiments:
1. An oil-wet slab was vacuumed for 6 hours to purge all of the air, the core then was
saturated with a heavy mineral oil and aged for 48 hours in an oven at 90 °C (194 °F).
2. Brine was injected through the inlet of the fracture to simulate a water-flooding
process. The recovery factor (RF) was measured from the outlets of both the fracture
and the matrix separately. Brine injection was stopped when the water cut reached
100%.
3. PPGs, swollen in 1.0 wt. % NaCl brine solution, were extruded into the fracture. The
propagation of the PPGs through the fracture was monitored. The RF was recorded from
the fracture and matrix outlets, separately. To monitor the oil recovery during PPGs
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extrusion, the process was not stopped until no more oil was produced from the matrix
outlet.
4. Surfactant solution was injected through the fracture inlet. The RF was recorded
during the injection process.
5. The effluent from the fracture and matrix outlets was monitored.
Note: In the second set of experiments, PPGs were swollen in the surfactant, and
the mixture of PPG and surfactant was injected into the fracture model.

5.2.3 Results and Discussion. The main findings of this experiment are
presented in the following section.

PPG swollen in brine. Fig 5.23 shows the injection pressure profile of the first set
of experiments, in which swollen PPG and surfactant were injected separately. The
pressure was acquired from the pressure taps mounted in the fracture side of the model.
The plot indicates that there was no pressure build-up during the initial water flooding.
This is due to the fact that the water channeled directly to the fracture outlet through the
open fracture; also, the resistance to the water flow was insignificant. No water
penetrated into the matrix.
In the second stage, when the swollen PPGs were injected into the model, the
injection pressure began to increase during the first PV injected. After that, the pressure
fluctuated, with a peak of 60 psi. In the third stage, the surfactant was injected after PPGs
were placed in the fracture. The pressure dropped suddenly after a very short time
because the surfactant solution created a channel in the PPGs pack. The channel caused
the same outcome seen after the initial water injection into the oil field fracture. In this
case, the surfactant moved directly from the inlet to the outlet of the facture, and no
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surfactant solution was squeezed into the matrix rock. This indicates that this PPGs
cannot totally block the fracture. A stronger PPGs might be required to force the
surfactant solution into the matrix.

Figure 5.23—Injection pressure profile at different stages of the fracture model during PPGs
swollen in 1.0 wt% NaCl treatment

Fig 5.24 plots the oil recovery factor for the first set of experiments, in which oil
was collected from the matrix outlet. During the initial water flooding, there was no
effluent from the matrix outlet because all of the water was directed to the fracture outlet.
Therefore, both the oil recovery and the water cut were zero. During PPGs injection, the
oil recovery from the matrix initially continued to increase to around 24%, and then no
further oil was produced. However, after 2.5 PV PPGs injection (at the point of 3.5 PV in
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the curve), more oil was produced. This may have been caused by the pressure increase at
that point, as shown in Fig. 5.23.
The mechanism of oil recovery from the matrix was attributed to the forced
imbibition during PPGs injection. The PPGs did not form a non-permeable cake on the
fracture surface, which allowed water to penetrate into the matrix. During PPGs injection,
the build-up of pressure caused by PPGs packing in the fracture will increase the fluid
flow resistance in the fracture, which could result in a more significant pressure drop
from the fracture surface to the matrix outlet. Therefore, the water from the swollen PPG
was forced to penetrate into the matrix.
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Figure 5.24—Oil recovery factor during treatment with PPGs swollen in 1.0 wt. % NaCl

The injected surfactant did not significantly contribute to an increase in oil
recovery; only 0.1% more oil was produced. This lack of an effect occurred because the
surfactant created a channel through the PPGs pack, which caused all of the surfactant to
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be directed out through the fracture outlet. Only a small amount was forced to imbibe into
the matrix rock. During the second water-flooding stage, no more oil was produced from
the matrix, either.

PPG swollen in surfactant solution. Fig 5.25 shows the injection pressure profile
for the second set of experiments, in which PPGs and surfactant were co-injected into the
model. As the figure indicates, during the initial brine flooding, the pressure profile was
similar to that in the first set of experiments; no pressure build-up was recorded.
After injecting a total of 0.72 PV water, there was no effluent from the matrix
outlet, and all of the water flowed directly through the path of least resistance (fracture
outlet). The injection was stopped when the water cut from the fracture outlet reached
100%. While injecting the mixture of PPGs and surfactant, PPGs broke through from the
fracture outlet when 1.18 PV PPG was injected. The maximum pressure was
approximately 43 psi, which was less than the pressure in the first set of experiments, as
shown in Fig 5.23. This could be attributed to the surfactant working as a lubricant to
reduce PPG friction and increase its injectivity.
This phenomenon was also observed by Wu et al. (2011) who reported that
particle gel injectivity can be improved significantly through the use of proper
surfactants. In the second waterflooding stage, the pressure dropped gradually because
the water created a smaller channel in the PPG pack.
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Figure 5.25—Injection pressure profile at different stages of the fracture model during
PPG swollen in surfactant solution experiment

Fig 5.26 plots the oil recovery factor during the treatment with PPGs swollen in
surfactant. Similar to the first set of experiments, during the initial water flooding, there
was no effluent from the matrix outlet because all of the water was directed to the
fracture outlet. When the mixture was injected, the swollen PPGs propagated through the
fracture until reaching the outlet, and the effluent was observed from the matrix outlet
after 0.81 PV of the mixture was injected.
The maximum oil recovery was 43%, which was higher than that in the first set of
experiments (~33%). This was attributed to the surfactant that was forced to filter into the
matrix rock, which altered its wettability from oil to water or mixed-wet. Approximately
3.1% of the oil was recovered during the waterflood (after the injection of the PPGs and
surfactant mixture).
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Figure 5.26—Oil recovery factor during treatment with PPG swollen in surfactant

Observation of PPGs treatment process. The semi-transparent model allows
viewing the PPGs propagation through the fracture, and water and/or surfactant
penetration through the PPGs pack and matrix.
Fig 5.27 illustrates PPGs extrusion through the fracture, followed by water
injection. (The brine was dyed in black). The top picture shows that the fracture was
filled with PPG particles after PPG injection. The other three pictures show the
movement of water into the PPGs pack during the second water-flooding process. As
illustrated, PPGs were able to flow with the water through the fracture if they were
smaller than the fracture. However, any particles larger than the fracture remained in
place longer and kept the water from flowing. Eventually, only a small amount of the
bigger particles remained in the fracture, and the others exited the fracture outlet. In this
experiment, approximately 60% of PPGs were washed out from the fracture outlet.
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Figure 5.27—PPG placement inside the fracture followed by brine injection

Fig 5.28 shows the surface of one of the sandstone slab after PPGs treatment;
some of the particles remained on the slab surface and were not washed out of the
fracture. Only the big particles were left inside the fracture; they did not adhere to the
surface of the sandstone core, and after opening the model, they were easily removed.
This indicates that the PPGs did not penetrate inside the matrix’s porous media, nor did it
form a filter cake. Fig 5.29 illustrates that the PPGs did not damage the matrix’s surface
because it did not form a filter cake. The picture shows the areas where water (dark)
penetrated into the core, thus indicating that PPGs can force water to improve the EV.
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Figure 5.28—Sandstone core surface at the end of the experiment

Figure 5.29—Core surface after the experiment
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Fig 5.30 shows the size of the swollen particles before and after they were
extruded through the fracture. The change in size indicates that the PPG was dehydrated
and shrunken as it moved through the fracture. Some particles even collapsed and broke
into small pieces due to the compaction or squeezing of the particles inside the fracture.

Figure 5.30—PPG particles before and after injection into the fracture

5.3 SUMMARY
Two sets of forced imbibition experiments were performed on a fracture model
with carbonate and sandstone rocks were ran. PPGs and surfactant were injected into the
fracture model separately in the first set, and in the second set, PPGs and surfactant were
injected simultaneously into the model by injecting swollen PPGs into a surfactant
solution. It was found that the PPGs can only enter high-permeability fracture and cannot
form face plugging on the surface of low-permeability zones or fractures; thus, they cause
little damage to unswept oil zones/areas.
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The surfactant solution mixed with PPGs was squeezed from gel particles into
low-permeability matrix where the heavy oil are trapped by capillary force. The
surfactant solution reduced the capillary force (IFT between oil and water) and formed
emulsion which caused the release the crude oil.
The combined injection of PPGs and surfactant resulted in a higher injection
pressure gradient in the reservoir because of the high flow resistance resulting from the
particles. This increased pressure produced an additional force to drive surfactant into the
matrix or low-permeability areas, thus making forced imbibition practical.
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6

EXECUTE FIELD PILOT TESTS AND CONDUCT A PERFORMANCE
ANALYSIS AFTER TREATMENT
The pilot tests took place in four leases in southeast Kansas, U.S. The leases are

operated by Blue Top Energy LLC and Colt Energy, Inc., which are small producing
companies that collaborated with Missouri University of Science and Technology on this
research project. Wells in these leases were screened to provide the best candidate for the
injection of PPGs and surfactant. Pilot tests focused first on two injection wells in one
lease, and then, more treatments were undertaken in additional nearby leases.
In addition to the heavy nature of the oil found in the focus areas of this study, it
has been well established that most of the oil reservoirs in the Pennsylvanian Cherokee
sandstone basin have limited ultimate recovery due to extreme heterogeneities within the
sandstone body (Olsen and Johnson, 1993). These heterogeneities vary from facies-type
bedding boundaries and small-scale permeability barriers to channels and even fractures.
A properly selected PPGs could present a solution to these conformance problems.
The objective of the pilot tests is to determine if the PPGs could be injected into
the target reservoir and the extent to which the treatment would decrease water
production and increase oil production.

6.1 BACKGROUND ON THE PILOT AREA
Kansas was ranked 9th among the 50 states in crude oil production in 2011. The
state produced 43.7 million barrels of oil in 2012. Oil is produced in Kansas from rocks
ranging in age from Proterozoic to Permian. Table 6.1 presents subdivisions of the
stratigraphic systems, stages, and groups that are productive and highlights the intervals
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targeted in this pilot test project. The information in this section was acquired from public
data in the Kansas Geological Survey (KGS) website: http://www.kgs.ku.edu/.

Table 6.1—Stratigraphic Chart of Oil-Producing Formations in Kansas (pilot test area
formations are highlighted in green)
Era
Mesozic

System

Stage

Cretaceous

Group
Colorado

Producing Rock Units
Niabrara

Guadalupian
Leonardian
Permian

Nippewalla
Sumner
Chase

Wolfcampian
Council Grove
Admire
Wabaunsee
Virgilian

Missourian

Shawnee
Douglas
Lansing
Kansas City
Pleasanton

Paleozoic

Pennsylvanian

Marmaton

Cherokee
Atokan
Morrowan

Red Cave
Herington, Krider, Winfield,
Towanda, Fort Riley
Neva, Cottonwood
Indian Cave
Langdon, Tarkio, Willard, White
Cloud, Howard
Topeka, Elgin, Hoover, Toronto
Ireland, Stalnaker
Layton, Perry Gas
Cleveland, Knobtown, Hepler
New Albany, Wayside, Bandera,
Weiser, Pawnee,
Peru, Fort Scott, Oswego
Mulky Coal, Prue, Bevier Coal,
Squirrel, Cattleman, Bartlesville,
Weir-Pittsburg, McLouth, Riverton
Coal, Burgess

Morrow
Basal Pennsylvanian Conglomerate,
Gorham

Mississippian
Devonian
Silurian

Chesteran

Chester

Meramecian

Saint Genevieve, Saint Louis,
Spergen, Warsaw

Osagian
Kinderhookian
Misener
Hunton

Ordovician

Maquoketa
Viola
Simpson
Arbuckle

Cambrian

Reagan
Granite Wash
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The pilot tests were conducted in Allen and Coffey counties, southeastern Kansas.
Oil has been produced in Allen and Coffey counties as far back as 1895. The main
producing formation in Humboldt-Chanute field is Bartlesville sandstone formation
which is found between 650 ft to 850 ft. Blue Top Energy LLC is operating several leases
in this field; their candidate wells are located in E. Larsen and L.L. Baker leases.
Colt Energy, Inc. candidate wells are located in Crotts lease. The first wells were
drilled in this lease dating back to 1970; since then seven wells have been drilled. The
Crotts lease is located in Neosho Falls-Leroy field and the main producing formations are
Squirrel sandstone bed and Mississippian system.

6.1.1

Cherokee Group Basin. Cherokee Group "shoestring" sandstones in

Eastern Kansas and northern Oklahoma (Fig. 6.1) are known by a variety of names,
including Bartlesville (Blue jacket), Squirrel, Warner, Burgess, Lagonda, Cattleman,
Burbank, Cabanis, Riverton, Upper Cherokee, Krebs, and Penn-Basal Conglomerate.
These sandstones produce from stratigraphic, structural, and structural-stratigraphic traps.
These reservoirs typically range from 10 - 55 ft. thick to 1,000 - 2,000 ft. wide and as
long as 14 miles. Desmoinesian sandstones have been the most productive reservoirs in
the Midcontinent. Cherokee Group sandstones are the oldest oil exploration and
exploitation plays in the Midcontinent, having their beginning during the 1860s.
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Figure 6.1—Map showing the Cherokee Group basin

The ultimate recovery of oil from reservoirs in the Cherokee Group sandstones is
affected by facies-type, small-scale, sedimentary structures; bedding boundaries;
intergranular, small-scale permeability barriers; and diagenetic changes (internal
architecture) commonly identified as "heterogeneities" within the sandstone body. These
heterogeneous bodies restrict the recovery of oil from hydrocarbon-rich matrices because
the displacing fluids will bypass these matrices and travel along the easier paths towards
the producer well.

6.1.2

The Humboldt-Chanute Field. Humboldt and Chanute areas were

discovered in 1901, and later, it was found that the two areas were part of one reasonably
continuous producing area covering parts of Allen and Neosho counties in Kansas, which
is now called the Humboldt-Chanute field. Fig. 6.2 shows the location of the field. Oil in
the Humboldt-Chanute field has been producing from the Bartlesville sand of the lower
Pennsylvanian age, which is found at depths of 650 to 850 ft and ranges in thickness from
12 to 40 ft. Average values taken from core analyses indicate that the sand has a porosity
of 20%, a permeability of 177 md, and an oil saturation of 43%. Oil saturation in the
Bartlesville sand vanes widely throughout the field, and the connate water content ranges
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from 30 to 40%. The crude oil has an average gravity API of 23° and an average viscosity
of 750 cp at bottom hole temperature. The primary oil production has occurred via
dissolved-gas drive. The field has a total productive area of 15,300 acres, and it accounts
for approximately 65% of the oil-producing area of the counties in which it is located.
The reservoir in this field was generated in the Cherokee Group "shoestring" sandstones
in eastern Kansas. This pilot test focused on the southeastern end of the HumboldtChanute oilfield. Table 6.2 summaries the production history of Humboldt-Chanute
Oilfield.

Figure 6.2—Location of Humboldt-Chanute field

Table 6.2—Summary of production history of Humboldt-Chanute field
Field Size
Total Wells
Productive Oil Wells

172,160 acres
2238
1,344 as of May 2013

Productive Gas Wells

42 as of May 2013

Cumulative Oil

23 MMSTB as of May 2013
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The pilot test was conducted in the Bartlesville sandstone formation reservoir, the
average characteristics of which appear in Table 6.3. The reservoir is approximately 400
ft wide and 2,500 ft long, with a maximum net productive sand thickness of 21 ft, the
reservoir has no appreciable dip and is closed on the sides by the degradation of sand into
shale. The main body of sand is heavily laminated with shale stringers, which are not
continuous between wells. The main reservoir is overlain by 30 to 40 ft of laminated,
low-permeability sand and shale streaks. Core analyses indicated that no gas cap existed.
The low primary production indicates that the crude was undersaturated.

Table 6.3—Reservoir Characteristics of Bartlesville Sandstone Formation
Average Depth
Production Area
Average Sand Thickness
Maximum Net Productive Sand Thickness
Reservoir Volume
Porosity
Permeability
Reservoir Temperature
Gravity of Produced Crude
Average Oil Viscosity
Connate-Water Saturation
Estimated Formation Volume Factor
Primary Production
Estimated Original Oil in Place
Pattern Area
Distance Between injection and Production Wells
Production-Well Bottom-Hole Pressure
Oil Saturation
Water Saturation
Specific Gravity of Oil

889 ft
68.6 acres
8.8 ft
21 ft
664 acre-ft
20.3 %
177 md
78 °F
23 API°
750 cP at 70 °F
23 %
1.05
61 bbl/acre-ft
1,150 bbl/acre-ft
1.25 acres
165 ft
14 psia
43 %
35 %
0.966
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6.1.3

The Neosho Falls-Leroy Field. The Neosho Falls-Leroy field is located

near Leroy City in Coffey County, Kansas. It was discovered in January 1905. The field
is producing oil from the Squirrel sandstone formation of the lower Pennsylvanian age,
which is found at depths of 965 to 974 ft and ranges in thickness from 5 to 10 ft Average
values taken from core analyses indicate that the sand has an average porosity of 17 to 20
%, a permeability of 60 to 80 md, and an oil saturation of 43%. The crude oil has an
average gravity API of 27.9° and an average viscosity of 150 cp at bottom hole
temperature. The field has a total productive area of 160 acres. The reservoir in this field
was generated in the Cherokee Group "shoestring" sandstones in eastern Kansas. This
pilot test focused on the North end of the Neosho Falls-Leroy field where the Crotts lease
is located. Fig. 6.3 summaries the production history of Neosho Falls-Leroy field.

Figure 6.3—Production history and decline curve analysis of Neosho Falls-Leroy field
(Source: KGS website)
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Fig. 6.4 shows the location of Neosho Falls-Leroy field. The field covers most of
Coffey County.

Figure 6.4—Location of Neosho Falls-Leroy field

6.2 CANDIDATE LEASES AND WELLS SELECTION FOR PILOT TESTING
Four leases were selected for applying the novel combined EOR method in
Kansas. Information about the leases and the oil company operating the lease are given in
Table 6.4. The leases are currently under waterflood and represent most of the oilproducing horizons in Kansas that could be a target for this application. Selecting these
leases for PPGs combined with surfactant treatment was an easy task because of the clear
evidence of water rapid breakthrough.
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Table 6.4—Leases selected for the oilfield pilot tests
Lease name
County
Operator
Oil gravity (API°)
Producing wells
Injection wells
Net area (acre)
Avg. thickness (ft)
Producing Zone
Rock type
Total depth (ft)

6.2.1

E. Larsen
Allen
Blue Top Energy
19.9
4
2
664
20
Bartlesville
Sandstone
889

L.L. Baker
Allen
Blue Top Energy
30
3
2
664
20
Bartlesville
Sandstone
889

Crotts
Coffey
Colt Energy
27.9
4
3
160
5
Squirrel
Sandstone
974

Murray B
Coffey
Colt Energy
28
11
40
Squirrel
Sandstone
983

E Larsen Lease. The first candidate wells for the PPGs and surfactant

treatment are located in the E. Larsen lease in southeastern Kansas. The wells in this
lease were first drilled in 1981. Since then, the lease has produced a total of
approximately 55 MSTB. Fig 6.5 presents the production history of the lease. Based on
direct conversation with a veteran operator in the eastern Kansas area, this lease had been
aggressively water flooded by the first operator because of the heavy nature of the oil in
this lease and the low initial primary production. This might have contributed to the
conformance problems by enlarging the natural fractures or introducing new ones.

Figure 6.5—Production plot for E. Larsen lease (Source: KGS website)
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The well distribution in the E. Larsen lease is presented in a map in Fig 6.6. The
lease initially had a total of 16 wells, six injectors, and six producers. Currently, the
active wells consist of two injectors and four producers. The injection water in the lease,
produced from the adjacent water well, is moderately saline; Table 6.5 presents the
properties of the injection water. Fig 6.7 shows the properties of the crude oil in the lease,
which is approximately 1,000 cp at 25 °C (75 °F), and the gravity is approximately 19.8°
API at 25 °C (75 °F). The average oil production from the lease is 0.25 bpd.

Figure 6.6—Well distraction at E. Larson lease

Table 6.5—Properties of injection water

TDS (mg/l)

Conductivity (S/m)

2,525

3.96
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Figure 6.7—Crude oil viscosity and gravity API° of E. Larsen lease

From direct conversation with the lease operator, it was indicated that for many
years the rapid breakthrough and excess cycling of injecting water was recognized as a
severe problem which hinders the oil production and added cost to the lease operation.
Adding the heavy nature of the oil to this conformance problem led to several wells being
shut-in due to limited production. According to the lease operator, the most severe case is
the direct communication between injection well 7 and producing wells 13 and 16.
Therefore, well 7 was selected for initial well testing to confirm the above mentioned
problems and to better understand the severity of the fractures or channels between these
wells.
Tracer Tests were conducted on both injection wells in E Larsen lease. In the first
tracer test Urea, CO (NH2)2, was used as a tracer agent because it is readily available,
inexpensive, less toxic, and has high nitrogen content that can be detected easily. A color
disc method was used for this tracer testing. The nitrogen content at the producing wells
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was detected using a test kit called the Nitrate test manufactured by HACH Company.
This test kit can detect up to 50 mg/L of the nitrogen in water. Fig. 6.8 shows a picture of
the device used to measure the Urea content in injection water. More details on the
producers of this test were presented in Appendix B.

Figure 6.8—Nitrate test kit, 0–50 mg/L NO3––N

Fig 6.9 shows the lease map with tracer test results after different amounts of
time. Nitrogen was first detected after three hours from wells 13 and 16, with a
concentration of 33 and 25 mg/l, respectively. After four hours, 5 mg/l of nitrogen was
detected in well 8. No nitrogen was detected in well 4, even after 24 hours.
These results indicate that the fracture/channel is oriented towards the south to the
southeast of the lease, and its size could be in the order of mm because of the short time it
took the nitrogen to migrate to wells 13 and 16; this is also true in well 8, but to a lesser
degree. In contrast, from the observation in well 4, one can conclude that there is no easy
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path for the water to follow; there may not be any fractures/channels oriented towards
these well.

Figure 6.9—Tracer test results from four production wells

To confirm the urea tracer results and to better understand the heterogeneity of the
formation in the E. Larsen lease, a second tracer test was implemented. A green dye was
mixed with the injected water in injection well 7. The results showed that the dye tracer
was observed in wells 13 and 16 after two and half hours, and in well 8 after four hours.
The dye tracer was not detected in well 4. These results confirmed the findings from the
chemical tracer.
Step Rate Test (SRT) was performed in injector well 7 to understand the
injectivity response of the formation. Fig 6.10 shows the SRT results in terms of the
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relationship between the flow rate in the X axis and the wellhead pressure in the Y axis.
The results show that even after increasing the flow rate 85 bbl/day, the wellhead
pressure only increased by approximately 100 psi, indicating that a fracture exists.
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Figure 6.10—Step rate test on injector well 7

6.2.2

L.L. Baker Lease. This lease is operated by Blue Top Energy LLC and it

is located approximately 2 miles east of E Larsen lease. The oil in this lease has gravity
API of 30° and viscosity of 11 cp at room temperature. The first well in this lease was
drilled in 1980. Since then, a total of four wells have been drilled. From 1980 to 2014 the
lease had a cumulative oil production of approximately 5 MSTB. Fig 6.11 presents the
production history of the lease.
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Figure 6.11—Production history for L.L. Baker lease (Source: KGS website)

The well distribution in the L.L. Baker lease is presented in a map in Fig 6.12. The
lease has five active wells consist of two injectors and three producers. The distance
between wells is approximately 330 ft.

Figure 6.12—Well distribution in L.L. Baker lease
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According to the technicians in the lease, there are severe channeling problems
between injection well 1 and producing well 3. The well head pressure in the injector was
reading 0 psi and the wellbore was in vacuum. A dye tracer test was run to define the
channeling problems. After one hour of injecting the dye it showed in well 3.

6.2.3

Crotts Lease. The lease is owned and operated by Colt Energy LLC. It is

located southeast of LeRoy City in Coffey County, Kansas. The oil in this lease has
gravity API of 27.8° and viscosity of 37 cp at room temperature. The first well in this
lease was drilled in 1970. Since then, total of seven wells has been drilled. From 1970 to
2014 the lease has cumulative oil production of approximately 40 MSTB. Fig 6.13
presents the production history of the lease.

Figure 6.13—Production history for Crotts lease (Source: KGS website)
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The well distribution in the Crotts lease is presented in a map in Fig 6.14. The lease
has seven active wells consist of three injectors and four producers. The distance between
wells is approximately 330 ft.

Figure 6.14—Well distribution in Crotts lease

The lease operators have verified that a direct communication between the Crotts 8
and Crotts 16 is existed. The Crotts 8 is the main candidate for this treatment. The Crotts
8 is a slim hole completion (2 7/8 in casing). It was perforated from 962 ft to 970 ft with
17 perforations.
Crotts 8 was originally completed in the Squirrel Sand as an oil producer in August
of 2001. In August of 2005 it was converted to an injection well. Several wells were
converted at this time because of the low reservoir pressure. The initial injection rate into
Crotts 8 was 5 bpd and gradually increased to 20 bopd by July 2008. The well head
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pressure increased and peaked at 380 psi by August 2008. From September 2008 to June
of 2009, the pressure dropped from 380 psi to 0 psi while the water production increased
at Crotts 16. 19,078 bbl of water had been injected into Crotts 8 by the time the pressure
went to 0 psi in June 2009.
In July 2008 when Crotts 16 was well tested, it was producing 0.47 bopd and 15.8
bwpd while 19 bwpd were injecting into Crotts 8. The next well test was in October
2012, Crotts 16 was producing 0.21 bopd and 3.39 bwpd and there were not water
injection into Crotts 8.

6.2.4

Murray B Lease. The lease is operated by Colt Energy LLC. It is located

southeast of LeRoy City, Coffey County Kansas. The first well in this lease was drilled in
1970. Since then, total of 39 wells have been drilled. From 1970 to 2014 the lease has
cumulative oil production of approximately 229 MSTB. Fig 6.15 presents the production
history of the lease.

Figure 6.15—Production history for Murray B lease (Source: KGS website)
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The well distribution in the Murray B lease is presented in a map in Fig 6.16. The
lease has seven active wells consisting of three injectors and four producers. The distance
between wells is approximately 330 ft.

Figure 6.16—Well distribution in Murray B lease

The lease operators identified severe channeling between the injecting well Murray
11 and the producer Murray 3. The Murray 11 is a slim hole completion (2 7/8 inch
casing).
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6.3 FIELD PILOT TESTS AND DATA EXPLANATION
6.3.1

Chemicals System and Surface Facility. The chemical system that was

used in the field applications is comprised of PPGs, surfactant, and injection water. The
chemicals and surface equipment used in all the field applications are presented in the
following paragraph.

Preformed Particle Gel: Commercial PPGs called Cerogel® was acquired from
ChemEOR, Inc. for use in this treatment. Two different particle sizes of Cerogel® were
selected: PPG-746, which has a particle size range of 60-70 mesh sizes, and PPG-780,
which has a smaller particle size range of 100-120 mesh sizes. The properties of these
two PPGs are presented in Table 6.6.

Table 6.6—Properties of PPGs used in the pilot test
Cerogel®

Mesh Size

PPG-780
PPG-746

60-70
100-120

SW, g/g
in injection water
32.33
40.33

G’, Pa
391
460

Surfactant: Based on previous studies in this research and by Hunky, (2011),
nonionic surfactant, Igepal® CO-530, was selected to be used in this pilot test.

Injection water: The same injection water used by the leases operated was used in
mixing the PPGs and surfactant mixtures
One of the advantages of this novel combined EOR method is that it does not
require a workover operation and it also has a very small footprint. The surface facility
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used in this treatment was quite simple; it is mainly comprised of a mixing tank to blend
the PPG and surfactant with the injection water and a pump to inject the mixture into the
target well. Fig. 6.17 shows a typical layout of the surface equipment used for the
combined technique.

Figure 6.17—Flow chart of a typical surface equipment for the novel EOR methods

6.3.2

Field Testing in E Larsen and L.L. Baker Leases. The first field test

was performed in October 2013 where well 7 in E Larsen lease was treated. In March
2014, well 7 was treated again along with well 15. Also the two injection wells in L.L.
Baker were treated. The following is the description of the treatment design and the
initial results.

6.3.2.1 Treatment Design. Considering the lack of information on the reservoir
history of the pilot area and the limited capacity of the leases surface facilities, the pilot
tests were designed to be small scale batches of PPGs and surfactant mixtures. A local
pumping operator was contracted for PPGs and surfactant injection. A cement pump unit
that can inject up to 700 psi and a small batch mixing tank with a 3 bbl capacity was
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used. A water truck with a capacity of 30 bbl was also used to bring injection water to the
well site. Fig 6.18 shows a picture of the cement unit that was used to inject the PPG and
surfactant mixture.

Figure 6.18—Cement unit used for the PPG and surfactant treatment in E Larsen lease

Initially, Cerogel® PPG-780 was selected for use in this treatment. These PPGs
come in 55 lb bags; Fig. 6.19 shows the bags of PPG-780 in the location in the day of the
treatment. Normally, low concentration of PPGs is used for field treatment, concentration
of 5,000 ppm of PPGs was used for treating well 7 in E Larsen lease, that means for each
barrel of water injected there will be 1.75 lb of PPGs. A surfactant concentration of 800
ppm was used in the treatment. Total of 125 bbl of PPG and surfactant blend was injected
into well 7. At the end of the treatment 10 bbl of produced water was injected to flash the
PPG and surfactant from the wellbore.
One of the advantages of the PPGs treatment is that it can be changed “on the
fly.” If pressure does not start building-up, then the PPGs concentration can be increased
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or PPG with bigger size can be used. If the pressure starts increasing rapidly, then the
concentration can be reduced.

Figure 6.19—Bags of Cerogel® are shown. A bag contains 55 lb of PPGs

6.3.2.2 Treatment procedures. The treatment was implemented using the
following procedures:
•

Normal injection in the lease was seized and shut-in pressure in well 7 was

recorded. The shut-in pressure at the wellhead was 200 psi.
•

Small batches of the suspension were mixed in the mixing tank and bullheaded

into well 7. Fig. 6.20 shows the mixing of PPGs and surfactant in the mixing tank. It is
important to keep the PPGs suspended in the aqueous solution by agitating it so it will
not settle in the bottom of the mixing tank.
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Figure 6.20—PPGs and surfactant were mixed before injection into well 7

•

The injection pressure and rate was monitored and recorded. Injection rate of 0.4

bbl/min was maintained throughout the treatment. The injection rate was kept as low as
possible to avoid exceeding the formation parting pressure.
•

Once the treatment finished, the well was shut-in and the pressure was recorded.

•

The lease was shut-in for 24 hours to performed draw-down pressure test and let

the PPG and surfactant settle in the fracture. Normal operation in the lease was resumed
the next day.
•

The production wells were monitored for any PPG breakthrough. The oil recovery

and water cut were also recorded from these wells.

6.3.2.3

Initial assessment after the treatment. PPGs and surfactant suspension

was injected successfully into injection well 7. A positive pressure response was
observed during and the after the treatment. Fig. 6.21 shows the wellhead pressure gage
reading before the treatment and immediately after the treatment of well 7.
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Before the treatment

After the treatment

Figure 6.21—Wellhead pressure gage reading of well 7 before and after the treatment

Fig 6.22 shows the real-time injection pressure during the PPGs and surfactant
treatment. The figure reveals that the pressure increased steadily during the PPGs
treatment. There was a noticeable mini fracturing happened after 80 minutes of the
injection, however, it was insignificant.
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Figure 6.22—Real time injection pressure during PPG and surfactant treatment in well 7
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A draw-down pressure test was performed after the treatment. Fig 6.23 shows the
draw-down pressure before and immediately after the treatment. The well was put back
into production after 24 hours, and the injection pressure increased to 340 psi. The
pressure response and water and oil production were monitored and recorded to assist in
designing the next PPGs treatment. The adjacent lease to the west of E. Larsen operated
by another small producer observed an increase in oil production after the PPGs
treatment, but no detailed information was released.

Figure 6.23—Draw-down pressure before and after PPG treatment

In March of 2014 another treatments were conducted in two injection wells in E.
Larson lease and two injection wells in L.L. Baker lease. The following is the brief
summery on the producers of the treatment and initial assessment of the situation.
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Well7 was treated again with high concentration of PPGs, approximately, 10,000
ppm. Immediately after PPGs injection begun the pressure rose to 700-800 psi. The
injection rate was reduced; however, 5 gallons were injected in 1.5 hours. To solve this
issue the well was flow back, some scale of black emulsion-like materials was seen. It
could be attributed to the fact that the lease was shut-in during winter time. As a result of
the flow back and wellbore cleaning, the treatment resumed again with no issues;
however, the injecting pressure remained high and the shut-in pressure was 800 psi.
Approximately 75 lb of PPGs and three gallons of surfactant were injected in this
treatment. Well15 in E Larsen lease was treated as well. The well was in vacuum which
means the wellhead pressure was reading 0 psi. This was an indication that the well had a
severe channeling problem and thus it is a good candidate for the PPGs treatment. The
treatment concentration was 10,000 ppm. The pressure started to increase gradually and
stabilized at 550 psi. At the end the treatment 110 lb of PPGs were injected and the shutin pressure remained 550 psi.
The treatment in L.L. Baker lease was performed in injection wells 1 and 2. The
PPGs concentration used in this treatment was 10,000 ppm. In well 1 the pressure
increased gradually to 800 psi which was close to the fracturing pressure so the treatment
had to be seized. Although treating well 2 was not initially planned, the technicians at the
lease requested to apply small batch of PPGs treatment because some oil was witnessed
in surface nearby abandoned well.

6.3.3

Field Testing in Crotts and Murray Leases. In July of 2014 treatment

was conducted in well 8 in Crotts lease. The well was treated with 110 lb of PPGs mixed
in 70 bbl of produced water. Cerogel® PPG-780 was initially used in the treatment, with a
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concentration of 8,000 ppm. Surfactant was not used in this treatment because of two
reasons: (1) the oil in this lease is light thus it does not require surfactant to assist in oil
recovery, (2) the lease operators are using bacteria to treat the produced water, thus using
surfactant could complicate the produced water treatment. The injection rate was kept at
0.5 bbl/min throughout the treatment.
The injection pressure only increased to 210 psi and it read 0 psi after 8 hours.
Also rapid water breakthrough was observed in well 6. This led to change in the
treatment design that Cerogel® PPG-746 was used in instead of Cerogel® PPG-780. Also
the PPGs concentration was doubled to 16,000 ppm. The injection rate remained 0.5 bbl.
/min. By the end of the treatment, 110 lb of PPG was injected into the well and the shutin pressure increased to 310 psi. 6.24 shows the real time injection pressure at the well
head of Crotts 8 during the PPG treatment.
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Figure 6.24—Real time injection pressure during PPG treatment of well 8 in Crotts lease

In July 29th, well 11i in Murray lease was treated with PPG (Cerogel® 780 and
Cerogel® 746). 20 bpd of water was injected before treatment at 120 psi. The well is
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channeling to Murray 3. First, 55 lb of the Cerogel® PPG-746 were mixed with 20 bbls of
injection water. Initially, the wellhead at Murray 11i read 120 psi. After adding
fluorescent yellow/green dye to the last 5 bbls of treatment to run tracer to determine the
efficiency of PPGs treatment, another 55 lbs of the Cerogel® PPG-746 mixed with 20
bbls of injection water was injected.
A third batch of 55 lbs of the Cerogel® PPG-780 mixed with 20 bbls of injection
water was injected and the shut-in pressure was 210 psi. Another 55 lbs of the Cerogel®
PPG-780 were mixed with 20 bbls of produced water was injected. The shut-in pressure
was 225 psi. 40 bbl flush of injection water were pumped in two stages. All production
wells surrounding well 11i were checked and no trace of the dye injected in the first
treatment was found. Well 3 did not flow or show any additional pressure during
treatment. Total of 100 lbs of Cerogel® PPG-780 and 100 lbs of Cerogel® PPG-746 were
injected. 6.25 shows the real time injection pressure at the well head of Murray lease
during the PPG treatment.
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Figure 6.25—Real time injection pressure during PPG treatment of well 11i in Murray
lease
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6.4 SUMMARY
In E Larsen lease, the PPGs and surfactant were injected successfully, and the
injection pressure was increased as expected. The adjacent lease to the west of E. Larsen
reported increase in the oil production after the treatment. The pressure in observer wells
5 and 6 increased moderately, and the two wells produced some amount of oil. No
particles were produced indicating that the PPG particles stayed in the fracture. When the
production resume after winter shut-down the lease reported oil production of 0.62 bpd.
Baker L.L lease treatment was relatively small but the communication between
the injector and producer was effectively blocked. These is still no confirmation on the
amount of oil recovery after the treatment.
In Crott lease treatment, PPGs were injected successfully, and the injection
pressure increased during PPGs injection. The water injection pressure increased after the
PPGs treatment. Access water was shown after 30 minutes in well 6. However, no
particles were seen in the production well 6. The producer then was shut-in and a
pressure gage was put in to monitor the pressure. The treatment design was modified to
mitigate the rapid water breakthrough problems. After two months well 7 is still holding
150 psi, which indicates that the PPGs treatment was successful in partially plugging the
channeling problem. PPGs treatment in Murray B lease is still undergoing, the initial
results showed increase in the wellhead injection pressure.
Overall, the PPGs with and without surfactant was injected successfully into the
target wells. Tracer tests showed improvement in the sweep efficiency and the wellhead
pressure showed immediate increase and in most cases the pressure still holding.
Moderate increase in oil recovery was observed in E Larsen lease and consequently, the
water production was reduced.
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7

CONCLUSIONS AND RECOMMENDATIONS FOR FUTURE WORK

7.1 CONCLUSIONS
In this dissertation, a comprehensive study of a cost-effective and practical method
was carried out for improving oil recovery while reducing excess water production
through fractures, high-permeability streaks or voids which commonly exist in mature
oilfields. The research involved the screening of compatible PPGs and surfactants, a
series of core flooding experiments to evaluate the effectiveness of proposed technology,
and the execution of pilot tests in injection wells located in Kansas. The major findings of
this research are summarized below:
•

The chemical compatibility between PPGs and surfactants was systematically

studied. It is found that brine salinity had profound effect on PPGs swelling ratio (SW)
and strength (G’). The brine salinity is inversely proportional with swelling ratio but
directly proportional with G’.
•

The interaction between surfactant and PPGs depends chiefly on surfactant

concentration. The higher the surfactant concentration is, the more effect is on PPGs
properties. The elevated temperature partially affected the swelling ratio of the PPGs;
however, it reduced the PPGs strength (G’).
•

In most of the cases, the surfactants with low initial concentrations were reduced

in the aqueous phase after interacting with the PPGs particles because single surfactant
molecules diffused into the PPGs network structure. However, at high initial
concentrations the surfactant formed large micelles which could not pass through the
PPGs network. As a result, the concentration of surfactant remaining in the aqueous
solution increased.
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•

Experiments were conducted to introduce a new simple technique to

quantitatively evaluate the strength of PPGs samples swollen in different salinities using
screen plate models. The new apparatus can provide a fast and practical method by which
to quantitatively evaluate particle gel strength in the laboratory and in field during a PPGs
treatment process. Two parameters of PPGs characterization, the threshold pressure and
apparent viscosity, were quantitatively determined using the new technique.

o It was found that PPGs swollen in high-salinity brine require a higher
injection pressure than those swollen in low-salinity brine, even though the former are
bigger than the latter. Thus, PPGs injection pressure depends chiefly on the gel particles
strength. However, the injection pressure does not increase significantly with the
injection rate.

o Two mathematical models were introduced based on the experimental
laboratory results: one model correlates the threshold pressure with the gel strength and
the other correlates the apparent viscosity with the shear rate. Both correlation equations
have reasonably good correlation factors.
•

A series of core flooding tests were carried out using carbonate and sandstone

fractured rocks. PPGs and surfactants were injected into the fracture models in two
different mechanisms, separately and simultaneously.

o It was found that millimeter-sized PPGs can only enter fractures and will
not form strong face plugging on the surface of low-permeability rock; which allows the
surfactant combined with PPG to be squeezed from gel particles into unswept zones or
areas where oil is trapped by capillary forces. The surfactant solution can alter the
wettability and reduce the capillary force to release the crude oil.
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o The combined injection of PPGs and surfactant resulted in a higher
injection pressure gradient in the reservoir because of the high flow resistance resulting
from the particles. This increased pressure produced an additional force to drive
surfactant into the matrix or low-permeability areas, thus making forced imbibition
practical.

o The two injection mechanisms, PPGs and surfactant together and PPGs
followed by surfactant, can significantly improve oil recovery and reduce water
production.
•

Pilot tests were performed in two oilfields in four different leases located in Allen

and Coffey counties in Kansas. The preliminary results show that PPGs and surfactant
could successfully injected into the target wells without injectivity problem and the
injection pressures in all of the wells were increased as expected.

o Interwell tracer tests and draw-down tests revealed improvement in
plugging the channeling problems between injectors and producers, which lead to
improvement in the sweep efficiency.

o Oil production started to increase, especially, in E Larsen lease, while
water production declined. The adjacent leases to the E. Larsen reported increase in oil
production after the treatment.

o The successful development of this technology will provide a more costeffective method for improving oil recovery and reducing water production for small
producers.
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7.2 RECOMMENDATIONS FOR FUTURE WORK
The main objective of this dissertation was to comprehensively study and perform
pilot test on a novel EOR method that couples PPG conformance control and surfactant
flooding method. In the following paragraphs, the future academic research potentials
are outlined to extend the current research:
•

In fractured core flooding experiments, the cores used are completely saturated

with oil, which is different from the actual initial condition in reservoirs. The main
advantage of completely saturating the core with oil is achieving accurate results and
faster change of wettability towards oil-wet. However, it would be important to see how
the presence of the initial water affects the performance of the combined method.
Therefore, it is suggested to perform similar experiments using oil-wet cores with initial
water saturation.
•

Low salinity water (LSW) flooding technique is gaining the attention of operators,

despite that fact that its oil recovery mechanism is not fully understood yet. Giving that
PPG is sensitive to salinity change and osmatic pressure cause the PPG to exchange
ions; it will be worth pursuing to study the efficacy of coupling PPG with LSW flooding
in one EOR technique. PPG can be used as a carrier for LSW to the target zones in the
reservoir.
•

Reservoir simulation is useful to study scaling up laboratory results to reservoir

scale. It is important to develop a 3D model to simulate PPG flow behavior, also
considering surfactants effect on rock surface and the interface phenomena between
surfactant and formation fluids.
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APPENDIX A.
EFFECT OF SURFACTANT ON PPG STORAGE MODULUS

140
This this appendix the original results of the effect of different surfactants on
PPGs storage modulus (G’) is listed. These results were acquired by using HAAKe
rheoscope device, G’ in Pascal is presented in the X axis and time in seconds is presented
in the Y axis.
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APPENDIX B.
NITRATE TEST PREPARATION AND PROCEDURES
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Sixty-six pounds (30 kg) of urea was added to the injection water in a mixing
tank, which yielded a concentration of approximately 6,500 mg/l. Then, the mixture was
injected into injection well #7 at an initial injection rate of 2.7 bbl/hr which generated an
injection pressure of 300 psi. The average distance between wells is 330 ft.
A background test of the injection water and water from the four production wells
was conducted to determine the amount of nitrogen in the water before adding the urea.
Table B1 shows that wells 13 and 16 had 8.8 mg/l of nitrogen in their formation water
before the test began. Therefore, when the nitrogen content was measured after the urea
injection, 8.8 was subtracted from the values in wells 13 and 16

Table B1—Background Test for Production Wells
Well No.
4
8
13
16

Nitrogen Content (mg/L)
0
0
8.8
8.8

TDS (mg/L)
2787
3920
2527
2012

Test preparation
•

Assemble the color comparator by placing the color disc on the center pin with

the lettering facing out.
•

Use sunlight or a lamp as a light source when matching colors with the color

comparator.
•

Rinse tubes with the sample water before testing, and again with deionized water

after testing.
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•

A deposit of un-dissolved metal will remain after the NitraVer® 5 dissolves. This

deposit will not affect the results.
•

To check reagent accuracy, use a standard solution in place of the sample.

•

Multiply the test results by 5 to obtain the correct mg/L of nitrate nitrogen. The

results of the other dilutions will follow a similar procedure; for example, the results of a
1:3 dilution would be multiplied by 3 to obtain the correct mg/L of nitrate nitrogen.

Procedures for using the Nitrate Test kit:
1. Fill a tube to the 5-mL mark with sample.
2. Insert the tube into the left opening of the comparator.
3. Fill another tube to the 5-mL mark with sample.
4. Add one NitraVer 5 Nitrate Reagent Powder Pillow to the second tube.
5. Cap and shake vigorously for 1 minute.
6. Wait 1 minute (an amber color will develop if nitrate is present).
7. Insert the second tube into the right opening of the comparator.
8. Hold the comparator so that a light source in directly behind the tubes. Rotate the
color disc until the colors in the front windows match.
9. Read the result in mg/L of nitrate nitrogen in the scale window.
10. Multiply the mg/L nitrate nitrogen value by 4.4 to obtain the actual value of the
nitrate nitrogen.
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